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Microfluidics study on immiscible
displacement mechanisms of oil
by hybrid low salinity water and
polymer in fractured porous media

Masoumeh Amiri & Mobeen Fatemi™®

Application of hybrid low salinity water and polymer flooding (LSPF) as an enhanced oil recovery
(EOR) method takes advantage from the wettability alteration by low salinity water and enhancement
of mobility ratio by addition of polymer. Recently it is shown that polymer affects the possible
interactions in oil/brine/rock system e.g., interfacial tension, contact angle, pH and zeta potentials.
However, in the case of highly heterogeneous systems such as fractured porous media, the present
understanding of the effect of LSPF on pore scale displacing mechanisms and enhanced oil recovery

is very limited compared to the low salinity water. With this aim, in the present study, a series of
injection scenarios were performed in fractured micromodels. Different experiments were conducted
to illustrate the effects of brine composition, addition of HPAM to brine solution and injection

scenario (either secondary or tertiary) on pore scale displacement mechanisms, sweep efficiency and
oil recovery. Sea water (SW) and twice concentrated SW (2xcSW) and 10 times diluted SW (10xdSW)
as well as 1000ppm HPAM (based on the previously study on the optimum oil/brine and rock/brine
interactions) were considered. The results showed that in the case of secondary injection and absence
of HPAM, the difference between the recovery factors of different brines is minimal and none of them
are capable of producing the oil from the matrix. In the secondary injection scenario, combination of
2xcSW and polymer didn’t improve the oil recovery considerably, but the success of the hybrid process
in the cases with lower salinity (i.e., SW and 10xdSW) was remarkable. For tertiary injection, adding
HPAM to the formerly injected brine (which was injected in the secondary model) improved the EOR
considerably. The amount of improvement was significantly larger in the case of brines with lower
salinities. For all the investigated hybrid cases, the ultimate oil recovery after tertiary injection scenario
was larger than secondary counterparts. The results are discussed based on the possible interactions
in the oil/brine/rock system, rheological properties and visualized displacing mechanisms in the case of
each investigated injectant and injection scenario.

Keywords Low salinity, Polymer injection, Wettability alteration, Fractured porous media, Enhanced oil
recovery

Abbreviations

10xdSW 10 time diluted sea water
2xcSW 2 time concentrated sea water
CA Contact Angle

EOR Enhanced Oil Recovery
HPAM Hydrolyzed Polyacrylamide
IOIP Initial Oil in Place

IFT Interfacial Tension

LSPF Low Salinity Polymer Flooding
LSW Low Salinity Water

LSWF Low Salinity Water Flooding
PDI Potential Determining Ions

PV Pore Volume
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SW Sea Water
TDS Total Dissolved Solids
7P Zeta Potential

Produced oil from an oil reservoir using just its initial pressure is not significant. In order to preserve the
reservoir pressure and enhance the oil recovery, water flooding is commonly implemented as a key technique’2.
Jadhunandan and Morrow (1995) indicated that performance of waterflooding has strong reliance on different
factors such as wettability of the porous media and the compositions of the encountered brines®. These findings
were inspiring for scientists to manipulate the composition and salinity of injected brine*”. It is proven that low
salinity water flooding (LSWF) and adjusted composition water injection are able to increase oil recovery in both
sandstone® and carbonate’ reservoirs.

In recent years many researchers have focused on understanding the involved fluid/fluid and fluid/rock
interactions to shed light on the dominating mechanisms of enhanced oil recovery (EOR) by LSWF®. Most of
the researches on LSWF are focused on the impact of concentration of potential determining ions (PDI) such as
Ca*" and Mg?" on the wettability alteration of the rock surface’. These divalent ions can act as bridges to connect
the polar compounds of oil to the negatively charged surface of sandstones. By reducing the salinity of water, and
the consequent detachment of these positive ions (to compensate their diluted amount in the brine), some of
these bonds break and thus negative polar compounds of oil would release'’, which in turn cause the wettability
alteration of the rock surface from oil-wet towards water-wet.

The ineffectiveness of LSWF is very severe in highly heterogeneous reservoir rocks i.e., fractured systems!!.
Mahmoudzadeh et al., (2022) compared the enhanced oil recovery (EOR) capability of formation water,
seawater and diluted seawater on oil recovery in four different fractured micromodels'. The results proved
that LSWF was not adequately capable of oil recovery from single matrix (under either counter current or co-
current conditions). Hybrid methods using chemicals can achieve dramatic improvements in the EOR in such
highly heterogeneous porous media!>~!¢. One of the chemicals which have been used commonly along with
waterflooding is polymer. Polymer increases the viscosity of injected brine and so reduces its mobility'’, and as
a result, sweep efficiency and oil recovery increases'®.

As one step further, scholars have demonstrated that the combination of LSWF and polymer flooding has
positive effects on oil recovery!®. However the ionic composition of reservoir brine and injection brine influences
on the process performance!®?. As the ionic strength of brine increases, the effect of polymer on viscosity
decreases?!. Divalent ions (Mg?* and Ca?*) in the brine are absorbed on negatively charged carboxylic groups of
the backbones of HPAM (Hydrolyzed Polyacrylamide). In such a case, the expansion of polymer chains reduces
and solution loses the viscosity?>%.

Vermolen et al., (2014) injected brines with different salinities (reservoir brine and its 2, 4, 10 times diluted
counterparts) into various sandstone core plugs*’. They proved that with increasing the salinity, degradation
increases and viscosity decreases. Based on their results the viscosity of low salinity brine (1500ppm TDS) with
1000ppm HPAM was as much as the viscosity of reservoir brine (260000 ppm) with 3900ppm HPAM. Several
core flood experiments also were performed by Kozaki et al., (2012) on Berea sandstone in order to evaluate the
effect salinity (33793ppm and 1000ppm TDS) of the polymer solution on oil recovery factor?. They reported
10% reduction in the residual oil saturation by using tertiary mode of this low salinity polymer solution.
Almansour et al. (2017) conducted core flooding experiments with Bentheimer and Berea sandstone cores to
study the effect of rock type, salinity (197451 ppm and 3360ppm TDS) and presence of HPAM (5000 ppm) on
the oil recovery factor?®. They indicated that in Berea sandstone, recovery factor in secondary low salinity and
tertiary low salinity polymer flooding (LSPF) scenario was higher than secondary high salinity (HS) followed by
tertiary HS with polymer injection. While for Bentheimer sandstones the results of oil recovery at high and low
salinity injection scenarios were close to each other. Generally, ultimate oil recovery factor in Berea sandstone
was considerably less than Bentheimer sandstone, and results were attributed to their initial wettability (contact
angle of brine with different salinity level (formation brine and sea water) was 70° for Bentheimer while for the
Berea sandstone this was 90°).

The synergistic effect of low salinity water and polymer was also confirmed through sandstone core flooding
tests?’. They investigated the effectiveness of LSPF after extended waterflooding (either of HS water (27500 ppm)
and LS water (2498 ppm)) as well as high salinity polymer flooding (HSPF). To increase the viscosity of low
salinity water, 1400ppm HPAM was added into the solution. To reach the same viscosity in HS water, 2300 ppm
HPAM was added into injection brine. Their results showed 8.0 to 10% incremental oil recovery by injection of
LSPF after extended waterflooding or HSPE Viscoelasticity effect of the polymer solution was proposed as the
main contributing factor in increasing oil recovery.

Sedaghat et al. (2013) micromodel experiments with different HPAM solutions (300, 600, 900 and 1200ppm
in the absence of salinity) showed that addition of HPAM to the injection brine after secondary water flooding
increases oil recovery?®. Also, their results showed that with increasing HPAM concentration oil recovery
increases. Algharib et al. (2014) performed a series of flooding experiments in sandstone cores®. A preflush slug
of 0.05 PV (pore volume) of formation water (30,000ppm TDS) was followed by 0.2 PV of polymer solution,
which in turn was displaced by formation water. The oil recovery achieved by this intermittent injection scenario
was 86%, while in continuous polymer flooding mode oil recovery was 70%. They also showed that oil recovery
factor increases by increasing the concentration of polymer, which was attributed to the viscosity effect.

Emamimeybodi et al. (2008) evaluated the effect of the heterogeneity of reservoirs on polymer flooding by
using quarter five spot glass micromodels®. They indicated that due to viscosity effect, the recovery factor of
polymer flooding (300 ppm HPAM) in both homogenous and heterogeneous porous media was higher than
waterflooding (20000ppm TDS). Yousefvand and Jafari (2015) studied the oil recovery in a glass micromodel
after low salinity water flooding (30000ppm) and polymer flooding (8000 ppm HPAM). The ultimate recovery
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for LSWF and polymer flooding were reported 16.63% and 26.32% respectively. Higher viscosity of the polymer
solution was proposed as the main reason for the additional recovery'.

Based on the above literature in most cases the better performance of the LSPF is attributed to the viscosity
effects. There are extensive studies which have separately investigated the possible effect of polymer on the
viscosity. Cancela et al. (2022) measured the viscosity of HPAM solutions at different concentrations (1000,
2000 and 3000ppm) in a brine with TDS of 1600ppm for different shear rates®. At concentration of 1000ppm
HPAM, with increasing the shear rate, the viscosity decreased (5.3, 4.1 and 3.7 cp. for shear rate of 50, 125, and
200 s~ ! respectively). Almansour et al., (2017) measured the viscosity of 5000ppm HPAM in 10 times diluted
seawater (TDS of 3360 ppm) at 60°C. They observed viscosity decreased from 100cp to approximately 60cp with
increasing the shear rate from 8 to 90s™! which shows shear thinning behavior of polymer?. Baek et al. (2020)
measured the viscosity of HPAM solution with and without surfactant at different shear rates*>. The HPAM
concentration was 5400ppm in brine with TDS of 56,456 ppm. The viscosity of HPAM was nearly 150 cp. at shear
rate of 1s™! and it decreased to 18cp at shear rate of 100s~! while in the brine solution with HPAM and 5000ppm
surfactant (phenol-7PO-15EO) the viscosity was stable at around 200cp from shear rate of 0.05 to 0.8s™!. From
shear rate of 0.97! the viscosity started decreasing and at higher values it overlapped HPAM solution graph and
showed the same results.

Effect of HPAM concentration on shear viscosity was investigated by Jung et al., (2013). HPAM at different
concentrations (1500, 3000, 5000 and 8000ppm) was dissolved in 5000ppm NaOH solution®!. At high HPAM
concentrations (8000 and 5000ppm) the viscosity was 1200 cp. and 700 cp. respectively at shear rate of 2s~! while
at concentrations of 3000 and 1500 ppm the viscosity was 300 and 30cp at the same shear rate. The ultimate
viscosity for different HPAM concentrations (1500, 3000, 5000 and 8000ppm) at shear rate of 300s~! was 80,
40, 10 and 5 cp. respectively. They reported that at all HPAM concentrations with increasing the shear rate,
viscosity decreased and due to uncoiling and aligning of polymer chains at high shear rates, viscosity showed
shear thinning behavior. In another test they measured the viscosity of HPAM at concentration of 1500ppm at
different salinity levels of NaCl (0, 10000, 30000 and 50000ppm). The highest amount of viscosity belonged to
HPAM solution without salinity which was 400cp at shear rate of 2s™! and 20cp at shear rate of 300s~".

Another rheological study was performed by Unsal et al. (2018). The polymer concentration in the higher
salinity solution (TDS of 6230ppm) was 3100 ppm, while the lower salinity solution (TDS of 623ppm) contained
1400 ppm?*. They reported that both brine solutions exhibited shear thinning rheology. Also, at shear rates of
less than 5s7! the viscosity of the LSP (low salinity polymer) solution was higher than the HSP (high salinity
polymer) solution. At shear rates of higher than 5s~!, the viscosity of the LSP was lower than the HSP solution,
because at high shear rates polymer coil-stretch transition occurs.

Abdullahi et al., (2022) investigated rheological behavior of the HPAM solution at different concentrations
(i.e., 1000, 1500, 2000, 3000 and 5000ppm) in deionized water*. At low shear rate (10s~!) the highest (1000 cp.)
and lowest (110 cp.) amounts of viscosity belonged to 5000ppm and 1000ppm HPAM solutions, respectively.
The same trend was observed at shear rate of 1000s™! with viscosity of 50 and 8cp respectively. They attributed
their observations to the higher degree of intermolecular entanglement. In fact, molecular chain interactions are
function of HPAM concentration and at high HPAM concentrations, greater molecular interactions between
chain networks occur; therefore, viscosity enhances. Also, Abdullahi et al., (2022) conducted another test to
evaluate the effect of types of ions in HPAM solutions (concentration of HPAM was 2000ppm and TDS of both
brines was 30000ppm but one of the solutions just contained NaCl and the other one was a combination of
different salts, i.e., MgClz, CaCl2 and NaCl). At all shear rates the viscosity of brine with different salts was less
than the HPAM solution with just NaCl. It was concluded that cations neutralize or shield the negative charges
of HPAM. Moreover, the ionic strength of divalent ions (Ca?* and Mg?*) are greater than monovalent ions such
as Na*. The ionic strength directly affects viscosity degradation of HPAM molecules by shrinking the HPAM
chain electrical double layer.

Based on the above extensive literature, in most cases, the main dominating mechanism of the enhanced oil
recovery by LSPF is attributed to the viscosifying capability of the polymers. However these researches have not
investigated the detailed rheological behavior of aqueous phases in the presence of polymer. Although there are
some other researches which have investigated the effect of polymer on the viscosity of the aqueous phase, they
do not consider the possible effect of rheology on the oil recovery. In addition, in most of the researches, other
possible interactions in oil/brine/rock system (such as IFT between oil and brine, wettability) and their effect on
the synergy of low salinity water and polymer are overlooked. As a result, the effect of such interactions on the
displacing mechanisms of the oil by LSPF are not investigated. In addition, although some researches considered
the permeability variations in the porous media, highly heterogeneous porous media such as those in fractured
reservoirs are not well investigated and the involved recovery mechanisms from them are not understood yet.
Limited studies in fractured models are limited to dual-permeability models where both fracture and matrix
are contributing in the production. More realistic and representative fractured models, i.e., double-porosity
single-permeability systems, in which both injection and production of the fluids should happen through
the fracture media (and as a result any production from matrix should happen through the interaction with
fracture) are overlooked. With this aim, the application of hybrid low salinity and polymer flooding in single
permeability fractured porous media is investigated in the present study. Brines with three different levels of
salinity were prepared, with (1000ppm concentration) and without polymer and were injected through designed
fractured micromodel. In addition, different injection scenarios (secondary vs. tertiary) are implemented. The
predominant effective displacement and recovery mechanisms, as well as the amount of the recovered oil are
evaluated. To further investigate the results, pH, IFT, contact angle and rheological tests were performed.
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SARA test (weight%)
Viscosity at 25 °C (mPa s) | Density at 30 °C (g/cm’) | Saturates | Aromatics | Resins | Asphaltenes (mg KOH/g oil) | TAN
17 0.873 63.96 25.33 9.06 1.65 0.14

Table 1. Physical properties of the used crude oil sample.

(g/) Sea water
NaCl 28.40
CaCL2H,0 | 1.83
MgCL6H,0 | 13.73

KCl 0.80
Na,$0, 4.49
NaHCO, 0.10
TDS 41.60

Table 2. Composition of the sea water.

Materials and methodology

Materials

Crude oil

The physical properties of the used crude oil sample (from an oil field in south western of Iran) are presented
in Table 1.

Brine samples

The sea water (SW) composition used in this study was formulated based on Persian Gulf seawater, as reported
by Farhadi et al. (2021)%, which is presented in Table 2. To prepare the brines, the required amounts of salts
were accurately weighed and dissolved in distilled water to obtain clear and homogeneous solutions. Additional
brines, i.e. 10 times diluted SW (10xdSW) and 2 times concentrated SW (2xcSW), were prepared using the same
salt components, with concentrations adjusted based on the desired brine composition.

Polymer solutions

To prepare desired polymer solutions, 1000ppm of HPAM (Fig. 1, molecular weight: 8 million Da; hydrolysis
degree: 20-30%) was added to the chosen brine and then it was slowly stirred by the magnetic stirrer in 600 rpm
for one hour.

The reason of choosing this amount of HPAM is based on the presented results of Amiri et al. (2022)%.
They investigated the effect of brine with different salinities (sea water (SW) and its two different dilutions, i.e.
twice concentrated (2xcSW) and 10 times diluted (10xdSW)) along with different concentrations of HPAM as
polymer, i.e. 250, 500, 1000 and 2000 ppm, on contact angle of oil droplets on quartz surface in the presence of
aqueous phases. The initial contact angle of the surfaces after aging in crude oil was 175°, which showed strong
oil-wet state. In the absence of the HPAM, the largest contact angle changes observed in the case of 10xdSW
(50°). In the case of 10xdSW; the highest degree of wettability alteration was observed for 1000 ppm HPAM (85°)
and with further increasing the polymer concentration to 2000 ppm the final contact angle was higher than the
case of 1000 ppm counterpart, which showed the detrimental effect of using too much HPAM on the wettability
alteration. Similar results were reported in the case of other two salinities (i.e., SW and 2xcSW) in which 1000
ppm HPAM was the optimum concentration for wettability alteration.

Glass micromodel
Based on the CT scan images of a core thin section, two-dimensional pattern of the porous medium (12 cm x
2 cm) was designed using Corel Draw software and then, it was engraved on the glass (4 mm thickness) through
a laser machine. In the next stage, the engraved glass plate, was fused to the similar plain glass in the furnace, at
700°C.

Figure 2 show the designed pattern of micro-model. The injection and production are just via fracture and
any production from the matrix shall happen through its interaction with this fracture. The properties of the
designed micro-model are listed in Table 3.

Methodology

pH measurement

pH of different brine samples (SW, 10xdSW, 2xcSW) without and with 1000ppm of HPAM are measured using
AZ-86,555 pH meter at ambient temperature. For this purpose, 20 cm? of each brine sample was required and
the pH was monitored until reaching a constant value.
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Fig. 1. Chemical structure of hydrolyzed polyacrylamide (HPAM).
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Fig. 2. Macroscale image of designed micromodel.

15-50 50-200 0.8 0.007 0.5-0.7 37.63 3

Table 3. General physical specifications of the designed micromodels.
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Rheological test

The rheological behavior of the aqueous phase was determined using a rotational rheometer with concentric
cylindrical device (Anton Paar, MCR 302, Fig. 3). For different brines without and with polymer (at 1000ppm
HPAM), shear stress was measured versus shear rate (in the range of 1 to 1000 s~1).

Fig. 3. Rheometer used to measure the rheological characteristics of the brine solutions.
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IFT and contact angle measurements

The interfacial tension between crude oil and brine was measured using the Wilhelmy plate method (Fig. 4a)
with a Kriiss K100C Force Tensiometer (Fig. 4b). To do this at first, the Wilhelmy plate was completely immersed
in the liquid of the lighter phase which is oil in this study and tared the balance in this state. The vessel with the
lighter liquid was then removed from the sample table. In the second step, to form the interfacial lamella, the

Fupmary

(b)

Fig. 4. (a) Schematic representation of IFT measurement by Wilhelmy plate method, (b) Kriiss K100C Force
Tensiometer.
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plate was immersed in a vessel containing the heavier liquid which is brine in this study. Then oil was carefully
poured into the existing container with water and the Wilhelmy plate is pulled back up to the interface.

Sesile drop method (Fig. 5) is used for wettability determination throgh contact angle measurement of the
crude-oil droplet on the quartz substrate in the presence of the desired aquoues solution. To prepare oil-wet
quartz substrates, clean and dry thin sections were aged in the crude oil at 80 °C for 72 h and then the extra crude
oil on the surface was cleaned with kerosene. To measure the contact angle, at first a drop of oil was placed on
top surface of the thin section, then desired aquoues phase was injected slowly from the bottom to fill the contact
angle measurement chamber. The images of the oil droplet were recorded through a digital microscope and the
contact angle between the oil and rock surface has been measured through the aquous phase using digimizer
software. To record the dynamic changes in wettability, images of the oil drop are taken from the first moment
to the next 72 h at the appropriate time intervals until it reaches equilibrium state (no further changes for the
last 10 h).

Micromodel tests

In order to inject the fluids into the micromodel, a syringe pump (SP120, Soraco) was used (with the minimum
possible injection rate 0of 0.000003 ml/min). The micromodel setup (Fig. 6) includes a syringe pump, a micromodel
holder and micro-model, light source, a microscope, a digital camera and a recording system. Macroscopic and
microscopic images were taken by digital camera (SM-A207F/DS) and microscope (Vanpower USB 1000x LED)
respectively and they were analyzed by Image-]J software.

Dried and cleaned micromodel was vacuumed from gas and then it was fully saturated with the crude oil. The
oil-wettability of the grains’ surfaces was created by aging the fully crude-oil saturated micro-model in the oven
at 80 °C for two weeks. This time and temperature is selected based on the aging and contact angle tests on the
glass surfaces in which one week aging in the same crude oil sample at 80 °C was adequate to change the surface
wettability to strongly oil-wet condition. To avoid any pore-plugging due to asphaltene precipitation and also
enhancing the process of wettability alteration (by providing fresh polar component towards grains), 1 PV of oil
was injected in the micromodel every 8 h.

In all the main experiments the rate of injection fluid was 0.005 ml/min (equal to the velocity of 0.6 m/day).
This injection rate is selected based on the criteria of capillary dominant flow regime and is in line with the
range of typical velocity of the fluids in the oil reservoirs. Injection of fluids in each flooding period extended
until no variations in the saturation of phases was observed and the oil/brine/rock system reached equilibrium,
and the recovery curves was plateau. Table 4 lists the performed tests in this research (which are performed at
25 °C). For both micromodels, in the first experiment, brine with the highest amount of salinity (2xcSW) was
injected into the micromodel as secondary injection scenario and once the recovery factor reached the plateau,
the injection switched to the 2xcSW + 1000ppm HPAM as tertiary injection scenario. In the 2nd experiment,
2xcSW +1000ppm HPAM was injected into an oil saturated micromodel as the secondary injection scenario.
In the third experiment, test started with secondary SW injection, which subsequently changed to the tertiary
SW +1000ppm HPAM. In the 4th experiment SW + 1000ppm HPAM solution was injected in secondary mode.
In the 5th test, brine solution with the lowest amount of salinity (10xdSW) was injected in secondary mode

Fig. 5. Schematic representation of contact angle measurement set up using sessile drop method.
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Fig. 6. Microfluidics set up.

Test number | Secondary injection Tertiary injection

1 2xcSW 2xcSW +1000 ppm HPAM
2 2xcSW +1000 ppm HPAM

3 SW SW +1000 ppm HPAM

4 SW +1000 ppm HPAM

5 10xdSW 10xdSW + 1000 ppm HPAM
6 10xdSW +1000 ppm HPAM

Table 4. Summary of the performed experiments in this study.

which followed by tertiary injection of 10xdSW +1000ppm HPAM. In the last test, 10xdSW + 1000ppm HPAM
was injected into the micromodel in the secondary mode.

Results and discussion

pH, IFT and contact angles

pH slightly increases with decreasing the salinity and the presence of HPAM (Fig. 7). The amount of divalent
cations such as Ca*? and Mg*? in the aqueous phase increases with the increase in the salinity. These cations
tend to interact with hydroxide ions (OH") in the solution, which are crucial for maintaining higher pH levels,
and as a result the pH decreases with increasing the salinity. As for the polymer, the carboxylic groups in the
HPAM structure interact with divalent cations, resulting in reducing the available cations to interact with OH",
and as a result pH shows higher value compared to the counterparts without polymer. Nevertheless differences
are insignificant and the measured values for different aqueous samples are in the range of 7.3 to 8.4.

Measured IFT values between the aqueous phases (used in the flooding tests) and crude oil are shown in
Fig. 8. Results indicate that for all the samples, the measured equilibrium IFT values are in the range of 15.4 to
5.7 mN.m™ !, with the highest values for the case of 10xdSW (with or without HPAM) and lowest ones for 2xcSW
brines (with or without HPAM). With the increase in the amount of cations at higher salinity, the amount of
oil polar compounds which can be attracted into interface (via their negatively charged hydrophilic sections)
will be promoted, and consequently the oil/brine IFT will be reduced further. In the presence of polymer the
amounts of equilibrium IFTs values are slightly higher (compared to the counterpart cases without polymer). As
was discussed earlier, the amount of active cations in the solutions reduced with adding polymer, due to ionic
bond between oxygen from polymer and cations. As a result, the amount of available cations at the interface (to

Scientific Reports |

(2025) 15:29630

| https://doi.org/10.1038/s41598-025-15609-1 nature portfolio


http://www.nature.com/scientificreports

www.nature.com/scientificreports/

‘'l N \ N
| N N N

Fig. 7. pH of different brine samples in the absence and presence of 1000 ppm HPAM.
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Fig. 8. Oil/brine IFT for various salinities (10xdSW, SW and 2xcSW) with and without HPAM.

interact with polar component of oil) will be less and consequently the equibilrium IFTs show higher values in
the presence of HPAM.

Measured contact angles in the presence of different brines are shown in Fig. 9. The values are reported
based on the angle measured through the aqueous phase (the 180° means strongly oil-wet and 0° means strongly
water-wet condition). Results show that the degree of wettability alteration is lowest for 2xcSW solutions and
highest for the 10xdSW brines. In addition, presence of HPAM promotes the wettability alteration in the case of
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Fig. 10. Bridging mechanisms of cations in the absence of HPAM, which makes the surface oil-wet.

each brine sample. The lowest contact angle observed for the 10xdSW + HPAM, in which the ultimate wettability
status is neutral-wet (90°).

Divalent cations (Ca?* and Mg?*) form bridges between quartz surface and negative polar compounds of the
oil, which makes the surface oil-wet (Fig. 10). Reducing the number of divalent cations at lower salinity leads to
break up of these bridges (to compensate the reduced amount of these cations in the aqueous phase). As a result,
the attached oil components will be released and the oil-wetness of the surface will be reduced. In the presence of
polymer, active oxygen of the HPAM interacts with the bridging cations on the silica surface, which enhances the
release of bridging cations from silica surface (Figs. 11 and 12). As a result the wettability of the system becomes
less oil-wet compared to the brine samples without the polymer.

Since the main aim of the present study is to investigate the mechanisms of EOR using hybrid low salinity
water and polymer, detailed investigation on the adsorption is not included. However, Amiri et al. (2022)
proposed that chemical adsorption of HPAM on the sandstone surface plays a significant role in wettability
alteration during LSPE. The measured reductions in contact angle and changes in rock/brine zeta potentials
confirm this adsorption-driven surface modification mechanism. HPAM adsorption in sandstone is a complex
process influenced by factors like polymer type and concentration, salinity, and rock properties®. Adsorption
often increases with salinity since salinity can affect polymer chain conformation and interactions with the rock
surface. However, the relationship can be non-linear’’. Adsorption represents polymer loss from the injected
fluid, reducing the effectiveness of the EOR process. From macroscopic point of view, adsorption can lead to
pore plugging and permeability reduction, impacting the ability to inject the polymer solution into the reservoir.

Scientific Reports |

(2025) 15:29630 | https://doi.org/10.1038/s41598-025-15609-1 nature portfolio


http://www.nature.com/scientificreports

www.nature.com/scientificreports/

Oxypen .
Nurogen ‘
sicen (@)
e |
Hydiogen

(.-"-.\43?'

Fig. 11. Wettability alteration due to the ionic bonding between negatively charged carboxylic groups on
HPAM chain and bridging divalent cations; which causes release of oil polar component and makes the surface
less oil-wet.

Y
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Fig. 12. Molecular schematic of the bridging interaction of cations between silica and HPAM (as discussed in
the last figure).

While adsorption can be detrimental, it also plays a role in altering flow paths and improving sweep efficiency,
potentially enhancing oil recovery*..

Rheological tests
Rheological properties of different aqueous phases used in the flooding tests (different brines with HPAM
concentration of 1000 ppm) were investigated (Fig. 13). All samples show a yield stress (as the shear stress
required to initiate the flow of material) at very low shear rates. At all shear rates, the highest amount of shear
stresses belongs to 10xdSW +1000ppm HPAM. At shear rates of 1 s™! shear stress was 2.13 Pa, while with
increasing the shear rate to 1000 s~ it reached 18.03 Pa. In the case of SW + 1000 ppm HPAM, shear stresses
are lower than 10xdSW + 1000ppm HPAM (at shear rates of 1 and 1000 s™!, shear stresses are 0.93 and 8.88 Pa
respectively). The changes of shear stresses vs. shear rates are negligible in the case of 2xcSW + 1000ppm HPAM,
as it increased from 0.21 Pa at shear rate of 1 s™! to 3.73 Pa at shear rate of 1000 s~ 1.

Figure 14 shows measured viscosities vs. shear rates. The highest viscosity at all shear rates belongs to
10xdSW + 1000ppm HPAM (168 and 18.07 mPa.s at shear rates of 1 and 1000s™!, respectively). In the case
of SW+1000ppm HPAM, at the lowest shear rate the viscosity is 73.66 mPa.s and at the highest shear rate
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Fig. 13. Rheograms of different brines in the presence of 1000 ppm HPAM.
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Fig. 14. Viscosity values vs. shear rate for different brines in the presence of 1000 ppm HPAM.

(1000 s71) it decreased to 8.89 mPa.s. HPAM solution with the highest amount of salinity (2xcSW + 1000ppm
HPAM) showed the lowest viscosity at all shear rates. At shear rate of 1s™! the viscosity is 14.76 mPa.s and at the
shear rate of 1000s™! it declined to 3.1 mPa.s. Results show that with increasing the shear rate, the viscosity of
all HPAM solutions decreased and shear thinning behavior is clearly visible. This behavior can be attributed to
the molecular alignment, uncoiling and straightening of the polymer chains under shear rates which make the
flow easier, and therefore, the viscosity decreases with increasing the shear rate. From another point of view, with
decreasing the salinity of brine, repulsive forces between carbocyclic groups of HPAM chains increase, HPAM
chains expand, and tend to repel each other and as a result the viscosity increases?. At high salinity, HPAM
chains coil around divalent ions (Mg?* and Ca?*) and electrical double layer around HPAM chains decrease,

therefore, HPAM chains shrink and viscosity decreases®.
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Sample T, (Pa) |K(Pas") |n R?
10xdSW +1000ppm HPAM | 0.03661 | 0.2146 0.6385 | 0.999
SW +1000 ppm HPAM 0.01872 | 0.09716 | 0.6519 | 0.9995
2xcSW +1000pp HPAM 0.01673 | 0.011 0.814 | 0.9994

Table 5. Parameters of Herschel-Bulkley model for different Brines in the presence of 1000 Ppm HPAM.
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Fig. 15. Distribution of phases at the end of tertiary injection of 10xdSW +1000ppm HPAM for extra low flow
rates (a) 0.0005 ml/min (b) 0.001 ml/min.

The experimental results were fit with the Herschel-Bulkley rheological model. The rheological parameters
were estimated based on the following equation:

T=T,+Ky"

where 1, T, K, y and n are shear stress, yield stress, consistency coefficient, shear rate, and flow index, respectively.
The fitting parameters of the Herschel-Bulkley equation are presented in Table 5. With increasing the salinity
yield stress and consistency coefficient “K” decreased due to losing viscosity. However, the flow behavior index
“n” increased with increasing the salinity.

Micromodels tests

In order to understand the effective mechanisms of LSPF in fractured porous media and effect of water
composition on the interactions between fracture and matrix, different brines (with and without HPAM) were
injected in the designed fractured micromodels. Flooding experiments were repeated to evaluate the accuracy
of the results. It should be mentioned that in all experiments, water injection is through the fracture (from left
hand side) and production is also through the right-hand side of the fracture (see Fig. 2). In the preliminary
tests, different extra low rates i.e., 0.0005 and 0.001 ml/min were tried, however due to the presence of very high
permeable fracture in the micro-model, none of the injection fluids (either brines or HPAM solutions), were
able to overcome the capillary forces of the oil-wet matrix (Fig. 15). As a result, in the subsequent main tests, the
injection rate of the fluids raised to 0.005 ml/min.

Test1l

Secondary 2xcSW injection

Figure 16 shows the distribution of the phases in the fractured micromodel during the secondary injection
of 2xcSW. In just 0.01 ml injection, water breakthrough was occurred through the high permeable fracture.
Injection continued for 7.2 ml, however no considerable change in the oil saturation of the matrix was observed.
The final contact angle for 2xcSW is 175° which shows almost 0° change in the wettability of the system. Surface
charges of the micro model grains are negative and cations (e.g., Mg?* and Ca?*), provide bridges to attach the
oil polar compounds (with negative charge) to the surface of the grains which results in oil-wet state of the rock.
Because of high amount of divalent ions in the case of 2xcSW, this mechanism is dominant and bridges between
oil and surface cannot be broken, and therefore wettability didn’t change. The extended injection of 2xcSW is
not able to conquer the capillary forces of the oil wetting layers on the walls of the fracture (Fig. 16e) and water
couldn’t imbibe into the matrix medium to sweep the oil (capillary number is equal to 0.07403 x 1077 in this
case). As a result, very small amount of oil was recovered (14.12% IOIP) which is just due to the production of
the fracture oil in place.
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Fig. 16. Macroscopic and microscopic images showing the distribution of phases during the secondary
injection of 2xcSW.

Tertiary injection of 2xcSW +1000ppm HPAM

In the case of tertiary injection of 2xcSW + 1000ppm HPAM (Fig. 17), in some limited sections, imbibition of
the water into the porous medium was observed and the oil saturation in the matrix was slightly reduced. The
recovery factor in this case was raised to 17.33% IOIP. The final contact angle for 2xcSW + 1000ppm HPAM
is 155° which shows 20° wettability alteration (Fig. 9). This shows that addition of HPAM to the high salinity
brine is not effective in wettability alteration. Divalent cations in the 2xcSW interact with negative charges of
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Fig. 18. Distribution of phases at the end of secondary injection of 2xcSW + 1000ppm HPAM.
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Fig. 19. Recovery factor curves for the secondary injection of 2xcSW + 1000ppm HPAM and “secondary
injection of 2xcSW/tertiary injection of 2xc SW + 1000ppm HPAM”.

HPAM structure, therefore polymer is not able to effectively react with the bridging cation on the grains of the
micromodel and as a result the wettability alteration is minimal. Also, the viscosifying effect of HPAM is not
significant considering the high salinity of brine. The limited water encroachment into the matrix, has happened
just in most larger pores at the inlet, where the capillary forces are the minimum and might be conquered
considering the slightly more favorable wettability condition and higher viscosity of the HPAM solution
compared to the 2xcSW case (without HPAM).

Test 2

Secondary injection of 2xcSW + 1000ppm HPAM

Figure 18 shows the ultimate oil saturation after secondary injection of 2xcSW +1000ppm HPAM. Although
fracture is saturated with water, the water could not enter the matrix. As a result, recovery factor was insignificant
(14.15% IOIP) which is very close to the value obtained for the secondary 2xcSW (which is just due to the
production of the fracture oil in place).

Recovery curves during tests 1 and 2 are compared in Fig. 19, which indicates the effect of adding HPAM to
2xcSW in secondary and tertiary modes. Injection of 2xcSW + 1000ppm HPAM in secondary mode performed
almost the same as secondary 2xcSW. This can be explained considering the small effect of HPAM on both
wettability alteration and viscosity of the fluid in the case of 2xcSW, which in turn has minimal effect on mobility
ratio and capillary number. Contrary to the secondary injection, tertiary injection of HPAM solution showed
higher oil recovery compared to both secondary 2xcSW and secondary 2xcSW + HPAM.

Microscopic images during the tertiary 2xcSW + 1000ppm HPAM (Fig. 20) show that oil wetting layers are
stable on the fracture/matrix boundaries and the grains of the matrix remain oil-wet. Due to effect of the applied

Scientific Reports |

(2025) 15:29630 | https://doi.org/10.1038/s41598-025-15609-1 nature portfolio


http://www.nature.com/scientificreports

www.nature.com/scientificreports/

1 >, 2
ﬁ (:) (©)

Fig. 20. Formation of temporary oil blobs inside the fracture due to the peeling off mechanism tertiary
2xcSW + HPAM on the oil wetting layers remained after secondary 2xcSW.

- —

Fig. 21. Microscopic images showing the limited diversion of water into the matrix at the end of tertiary
injection of 2xcSW + 1000ppm HPAM,, in spite of the fact that pores remained oil-wet.

drag force by the HPAM solution, oil layers (remained after secondary 2xcSW) discharge towards the downstream
and form some temporary oil blobs on the walls of the fracture (peeling off mechanism, Fig. 20b). Formation of
these blob-like oil phase, restricts the flow of aqueous phase in the fracture and promotes the diversion of the
water towards the matrix at the upstream of these blobs. As a result, brine can enter into small fraction of the
larger pores in the vicinity of the fracture, where the capillary forces are smallest (the encroachment is promoted
due to the high viscosity and low mobility of the brine + HPAM solution, Fig. 21). This mechanism which is not
observed during the secondary 2xcSW + 1000ppm HPAM and secondary 2xcSW injections is responsible for
additional oil recovery in the case of tertiary 2xcSW + 1000ppm HPAM. However, these oil blobs are limited and
temporary and as shown in Fig. 20c, after 24 h of injection the thickness of oil film on the walls of the fracture
decreased remarkably as these oil wetting layers discharges to the downstream of the micromodel. Since the
viscous forces (capillary number of 0.797x 1077 ) are not adequate to break the oil wetting layers in the model
dominantly, water cannot enter most of the oil-wet pores (Fig. 21). As a result, almost all of the pores of the
matrix medium remain un-swept. Figure 21 also shows that although aqueous phase has entered the matrix in
one or two locations and displaced considerable oil from the pores, the grains are remained oil-wet.

Test 3

Secondary injection of SW

This test started by injecting SW into the completely oil saturated micromodel, which extended for 24 h and
distribution of phases were monitored (Fig. 22). In just 0.01 ml injection, water breakthrough was occurred
through the high permeable fracture. Injection continued for 24 h (7.2 ml injection), however no considerable
change in the oil saturation of the matrix was observed. The small amount of recovered oil (14.4%IOIP) is just
due to the production of the fracture oil in place.
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Fig. 22. Macroscopic images showing the distribution of phases during secondary injection of SW.

Fracture

(a) (b)

Fig. 23. Stable oil wetting layers on the walls of the fracture during secondary SW injection. (a) Thick layers at
the breakthrough time. (b) Narrow wetting layers after 4 PV injection.

Wettability alteration for SW is just 25° (ultimate contact angle of 150°) which is very small. This ineffective
wettability alteration is also confirmed in the flooding tests since the oil wetting layers are stable on the fracture
boundary and the grains of the matrix remain oil-wet (Fig. 23). However as shown in Fig. 23, after 24 h of
injection the thickness of oil film on the walls of the fracture decreased remarkably due to effects of viscous
forces and the applied drag force which discharge the oil phase towards the downstream of these layers. Contrary
to the cases with HPAM (as already discussed earlier), in this case (as well as other brines without HPAM)
during the discharge of wetting oil layers, formation of oil blobs on the fracture’s walls (see Fig. 20) was not
observed, which can be attributed to the low viscosity of the displacing fluid. Nevertheless, the present viscous
forces are not adequate to break the oil wetting layers (capillary number of 0.0391 x 10~7) and water cannot enter
strongly oil-wet pores (Fig. 24) and as a result most of the pores of the matrix remain un-swept (Fig. 22b).

Tertiary injection of SW + 1000ppm HPAM

Subsequently, 1000ppm HPAM + SW was injected into the fractured porous media in tertiary mode. The HPAM
solution effectively invaded the matrix and recovery factor reached to 42.88%IOIP (Fig. 25). As it is observed
in the microscopic image (Fig. 25) the oil wetting layers on some grains was swept completely (red ovals) by
brine invasion. These are the grains which are located adjacent to the fracture and in the main flow path of the
polymer solution (larger pores). It should be noticed that based on the limited degree of wettability alteration
(ultimate contact angle of 130°), this observation is mainly attributed to the high viscosity of the aqueous phase
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Fig. 24. Micro images showing the dominance of capillary forces of matrix over viscous forces in the fracture
as SW cannot enter the matrix effectively.

in this case and the resultant applied drag forces on the oil wetting layers. These high drag forces, peel off the oil
wetting layers from the grains which are located in the main flow path of polymer solution. Nevertheless, in the
adjacent smaller pores the oil wetting layers remained stable on the grains” surfaces (red arrows) or the pores
even remained completely unswept (blue ovals).

The final contact angle for SW + 1000ppm HPAM is 130°, which is 20° less than SW case (without HPAM).
Although the difference in wettability alteration is small, its synergy with the high viscosity of the HPAM
solution, is clearly adequate to trigger the entrance of the displacing fluid into the matrix (Fig. 25c¢).

Test 4

Secondary injection of SW + 1000ppm HPAM

Figure 26 shows the distribution of phases in micromodel during the secondary injection of SW +1000ppm
HPAM. Although the secondary injection of SW+1000ppm HPAM has a considerable effect on enhanced
oil recovery, but it couldn't sweep the oil as much its tertiary counterpart, and in many areas of the matrix
oil remained unswept. In fact, the oil recovery in this process is 35.4% which is 7.48% less than its tertiary
counterpart. Microscopic images (Fig. 26d) show that in some parts of the matrix, the oil layer on the grains
which are located in the main flow stream of the aqueous phase are very narrow. In some larger pores, the oil
wetting layers are peeled off the grains by the polymer solution and just some very small droplets are remained
on the surface (red arrows in Fig. 26¢). Considering the high ultimate contact angle in the case of this (130°)
this observation is attributed to the drag forces (peeling off mechanism) due to high viscosity of the polymer
solution (72 cp.).

Recovery curves of test 3 and 4 are compared in Fig. 27. Injection of SW + 1000ppm HPAM in both secondary
and tertiary modes showed higher oil recovery compared to the SW without HPAM, which proves the positive
effect of adding HPAM to SW. This superior performance is attributed to the considerably higher viscosity of the
HPAM solution (72 cp.) compared to its counterpart brine without polymer (1.12 cp.). The higher performance
of tertiary SW + 1000ppm HPAM compared to its secondary counterpart can be explained by the formation of
oil bridges in both fracture and matrix (Fig. 28) as the high viscosity polymer solutions peels off the residual oil
wetting layers (formed during the secondary SW injection).

Test 5

Secondary injection of 10xdSW

Figure 29 shows macro-scale image of the fractured porous media at the end of secondary 10xdSW. The injection
fluid entered the fracture and after 0.01 ml injection, brine breaks through at the outlet of the micro-model. The
test was continued for 4 PV but no changes was observed in the oil saturation of the matrix and the recovery
factor was just 14.88% IOIP (which is due to the production of the oil inside the fracture).

Among the investigated brines (without HPAM), 10xdSW with 50° had the highest degree of wettability
alteration (ultimate contact angle of 125°). The final contact angle is considerably less than the case of
2xcSW + HPAM (with ultimate contact angle of 155°, Fig. 9), and is very close to the SW + HPAM (with ultimate
contact angle of 130°). However contrary to these cases, 10xdSW (without HPAM) was not able to enter the
matrix. This observation supports the idea of the effect of low mobility and high viscous forces in the efficiency of
HPAM solutions. In the case of 10xdSW with viscosity of 1 cp., the mobility of the injectant fluid in the fracture is
high and low viscous forces (capillary number is equal to 2.30 x 10~?) are not able to overcome the high capillary
force of the matrix oil-wet pores.
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Fig. 25. Macroscopic and microscopic images showing the distribution of phases during tertiary injection of
SW +1000ppm HPAM.

Tertiary injection of 10xdSW +1000ppm HPAM

In tertiary injection of 1000ppm HPAM + 10xdSW, a large amount of oil of the matrix was swept (Fig. 30) and
recovery factor reached 74.89% IOIP (increased by 60.01% compared to the preceding secondary injection of
10xdSW).

Wettability alteration in the case of 10xdSW +1000ppm HPAM is 85° (final contact angle of 90° which is
known as neutral-wet condition). Taking into account the low concentration of cations in low salinity brine,
HPAM chains are not reacted in the brine and there is a higher chance (compared to the high salinity brines) for
them to interact with the adsorbed cations on the rock surface (which are acting as bridge between rock negative
surface and oil polar component). Therefore the bonds between oil droplets and rock surface break, and the
wettability of surface changes dramatically towards less oil-wet (Figs. 10 and 11). Distribution of the phases after
secondary injection of 10xdSW and tertiary injection of 10xdSW + 1000ppm HPAM are compared in Fig. 31. In
the case of 10xdSW, oil wetting layers are thick and quite stable, while for the case of 10xdSW + 1000ppm HPAM,
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Fig. 26. Macroscopic and microscopic images showing the distribution of phases during secondary injection
of SW +1000ppm HPAM.
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Fig. 27. Recovery factors for the “secondary injection of SW / tertiary injection of SW + 1000ppm HPAM” and
secondary injection of SW +1000ppm HPAM.

the oil layers are narrow and are even ruptured by the peeling off mechanism of the polymer solution in some
sections, where injectant fluid can enter the pores of the matrix (red ovals).

It is obvious in Fig. 32 that the oil is completely swept from the walls of some grains (red arrows) which proves
the synergistic effect of high viscosity of HPAM solution and large wettability alteration on oil displacement
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Fig. 28. Formation of discontinuous aqueous phase during tertiary SW + 1000ppm HPAM injection; (a) in
fracture, (b) in matrix.
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Fig. 29. Distribution of phases after secondary injection of 10xdSW.

which leads to increasing oil recovery. It should be mentioned that unlike HPAM solutions in 2xcSW and SW
(Figs. 20 and 28, respectively), in the case of 10xdSW + 1000ppm HPAM, breaking the brine continuous phase by
oil filament was not observed. This is attributed to the thin oil wetting layers on the fracture walls (due to large
wettability alteration) after the preceding secondary 10xdSW injection (compared to the thick residual oil layers
after secondary 2xcSW and SW injections).

Test 6
Secondary injection of 10xdSW + 1000ppm HPAM
In this test the 10xdSW + 1000ppm HPAM solution was injected to the oil saturated micromodel (Fig. 33). The
encroachment of polymer solution into the matrix and sweeping the oil resulted in an oil recovery factor of
58.21% IOIP. This considerable oil recovery is attributed to the synergistic effect of wettability alteration and high
viscosity of the 10xdSW + HPAM. Effect of viscous forces on peeling off the wetting oil layers from the surface of
grains are obvious after tertiary injection of 10xdSW + 1000ppm HPAM (red circles in Fig. 34).

Recovery curves of test 5 and 6 are compared in Fig. 35. Injection of 10xdSW +1000ppm HPAM in both
secondary and tertiary modes showed considerably higher oil recovery compared to the secondary injection of

Scientific Reports |

(2025) 15:29630 | https://doi.org/10.1038/s41598-025-15609-1 nature portfolio


http://www.nature.com/scientificreports

www.nature.com/scientificreports/

4-.'.
e - W oy
? : < pcapoR - e : S, an, R S Lo
- - ¢ : EI O e k3 o < - P L YRSty L o9 4 R X
N R T X R AT IR 2T LY RISl S SN T S5 TR PAT > I e
BT E PRSI & S B DA E B SRy T i I SR e e
R S B R A e R RS

el Zeg
Ry o F Uy Fe %0 ‘,.;.‘... e
R PRIt I %

IR Xt I“- SR s

o
I

T G
LU Y e
S SR Yo ps

Fig. 30. Macroscopic images showing the distribution of phases during tertiary injection of
10xdSW + 1000ppm HPAM.

10xdSW without HPAM, which proves the positive effect of adding HPAM. 10xdSW + HPAM has a considerably
higher viscosity compared to the 10xdSW without polymer. This viscosity reduces the mobility of the aqueous
phase inside the fracture, which in turn enhances the transverse flow of the polymer solution towards the matrix.
From another point of view, due to the high viscosity of the polymer solution viscous forces can overcome the
capillary forces of the pores near the fracture, which dramatically enhances the brine encroachment into the
matrix compared to the counterpart case without HPAM.

Ultimate oil recovery in the case of tertiary injection of 10xdSW + HPAM solution is 16.68% higher compared
to secondary 10xdSW + HPAM. The encroachment of the brine inside the matrix (macroscopic sweep efficiency)
are enhanced in the case of tertiary injection (Fig. 30e) compared to its secondary counterpart (Fig. 33f). During
the 10xdSW secondary injection scenario, the wettability of some pores adjacent to the matrix is changed
from strongly oil-wet to neutral-wet. In spite of this wettability alteration, 10xdSW cannot effectively enter the
matrix due to its high mobility through the fracture (low viscosity of the brine) and negligible viscous forces
(compared to the strong capillary forces of the small pores). In the case of 10xdSW + 1000ppm HPAM tertiary
injection, the polymer solution was injected in the system in which the wettability of the fracture and some
of the pores adjacent to the fracture is already changed from strongly oil-wet to intermediate-wet (during the
former secondary 10xdSW injection). High viscosity of the polymer solution, results in its low mobility through
the fracture as well as dominance of the viscous forces on capillary forces. Both these phenomena promote the
entrance of aqueous phase into the matrix, which explain the superior performance of tertiary 10xdSW + HPAM
compared to the preceding secondary 10xdSW. The same mechanisms contribute to the enhanced performance
of secondary 10xdSW + HPAM compared to the secondary 10xdSW.

The amount of ultimate oil recovery at the end of tertiary 10xdSW + HPAM is higher compared to secondary
10xdSW + HPAM. This can be also attributed to the fact that in the case of tertiary 10xdSW + HPAM the
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Fig. 31. (a) Narrow wetting oil layers at the end of secondary injection of 10xdSW; (b) Effect of polymer on
wettability alteration and rupturing the thin oil layers due to high viscous forces during the tertiary injection of
10xdSW +1000ppm HPAM.

diversion of the flow into the matrix is promoted since the wettability of some of the pores are already changed
toward neutral-wet by former 10xdSW, while in the case of secondary 10xdSW + HPAM, the initial wettability
of the system is strongly oil-wet. This means that in secondary injection, part of HPAM in polymer solution is
interacted with the bridging cations in the fracture and adjacent pores to change the wettability towards neutral-

Scientific Reports|  (2025) 15:29630 | https://doi.org/10.1038/s41598-025-15609-1 nature portfolio


http://www.nature.com/scientificreports

www.nature.com/scientificreports/

Fig. 32. Red arrows show the grains which oil wetting layers are completely swept by peeling off mechanism
during the tertiary 10xdSW + 1000ppm HPAM.

wet. It should be mentioned that in the secondary injection, the flow diversion towards matrix is dominant before
the breakthrough and there is no considerable change in distribution of the phases in the matrix afterwards.

Effect of Brine salinity

The results of secondary injection of different brines (10xdSW, SW and 2xcSW) without and with HPAM are
shown in Figs. 36 and 37. Recovery factors of all of the mentioned brines (without HPAM) in secondary injection
scenario were very close to each other (14.88, 14.4 and 14.12% IOIP for 10xdSW, SW and 2xcSW respectively).
In the presence of HPAM, the obtained recovery factors of secondary injections are considerably different. In
the case of 10xdSW + HPAM recovery factor was 58.21% IOIP which was considerably higher than the other two
HPAM solutions (35.4 and 14.15% IOIP for SW + HPAM and 2xcSW + HPAM respectively).

In Fig. 38 recovery factors of brines without HPAM in secondary injection scenario and brine after adding
HPAM in tertiary injection scenario are clearly visible. As previously mentioned, the amount of recovered oil
by all of the brines in secondary injection mode were close to each other but in tertiary injection scenario
significant differences were observed. Generally, the highest amount of oil recovery belonged to tertiary
injection of 10xdSW + 1000ppm HPAM which was 74.89% IOIP. Recovery factor in tertiary injection mode for
SW +1000ppm HPAM was 42.88% IOIP and for 2xcSW +1000ppm HPAM was 17.33% IOIP.

It should be mentioned that formation of microemulsion was not dominant observation in the micromodel
flooding tests; therefore, it cannot be the key recovery mechanism. Furthermore, in this study, micromodels
were not coated with any chemical or mineral before running the tests. As a result, fine migration could not be
considered as an effective mechanism. Also the measured pH values for different aqueous phases are in the range
of 7.3 to 8.5, so the effect of pH increment is minimal. In addition, since the IFT (as a fluid/fluid interaction)
values are higher in the case of 10xdSW brines (in the presence and absence of HPAM) and lowest in the case
of 2xcSW brines, IFT variations cannot be the contributing mechanism behind the observed additional oil
recovery. High viscosity of the HPAM solutions results in low mobility of the injectant in the fracture and high
viscous forces. As was discussed earlier, based on macroscopic and microscopic images, both these phenomena
promote the intrusion of the HPAM solution into the matrix and higher oil recovery factor.

The ratio of the viscous force to the capillary force is represented by capillary number (N, ) and is defined as:

Ca)
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Fig. 33. Macroscopic images showing the distribution of phases during secondary injection of
10xdSW + 1000ppm HPAM.

New = 22
o

where v is the velocity of displacing fluid, y is the viscosity of water, o is the interfacial tension between water and
oil, and N,, is a dimensionless variable. Based on this formula, increasing capillary number by either increasing
viscosity of displacing fluid or decreasing interfacial tension decreases residual oil trapped by capillary forces. The
amount of viscosity, equilibrium IFT and capillary number for each brine sample (with and without polymer)
were calculated and presented in Table 6 (the velocity in this study is 3.47 x 10~8 m/s). Table 7 shows the amount
of residual oil saturation at the end of each injection scenario.

Capillary desaturation curve (CDC, Fig. 39) shows that for the case of all secondary injection scenarios in
the absence of HPAM, the amount of residual oil saturations are very close and insensitive to the variation of the
capillary number (N, is in the range of 107° to 10~ for these cases). In addition, in the case of both secondary
and tertiary injection of 2xcSW + HPAM, the amount of residual oil saturation change is insignificant although
the N is increased to 8 x 1078 With further increase in N_ the residual oil saturation reduction is obvious. It
can be concluded that 8 x 1078 is around the critical capillary number for the present system, where for higher
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(b)

Fig. 34. Magnified micro images from matrix during tertiary injection of 10xdSW + 1000ppm HPAM, showing
the dominant peeling off mechanism on the wetting oil layers at the later stages of flooding.
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Fig. 35. Recovery factor curves for the “secondary injection of 10xdSW/tertiary injection of
10xdSW + 1000ppm HPAM” and secondary injection of 10xdSW + 1000ppm HPAM.

capillary numbers viscous forces are dominating the capillary forces and reduce the amount of residual oil
saturation accordingly.

Although the capillary numbers in the case of secondary and tertiary injections of the HPAM solutions are
the same, the amount of residual oil saturation is lower for the tertiary counterparts. As discussed in the previous
sections, this is attributed to the peeling off mechanism of HPAM solutions on the oil wetting layers (on the walls
of the fracture), which bring about formation of oil blobs (2xcSW + HPAM) or even oil bridges (SW + HPAM) in
the fracture. This in turn results in further reduction in the mobility of the HPAM solution in the fracture which
promotes the diversion of flow in transverse direction towards the pore in the matrix. As is obvious from Fig. 39,
the amount of difference between residual oil saturations increases with the dilution of the brine from 2xcSW to
10xdSW. As explained in the previous sections, this is due to the beneficial effect of wettability alteration of the
walls of the fracture during the preceding secondary brine injection, which is especially very effective in the case
of 10xdSW, as the wettability is changed from strongly oil-wet to neutral-wet state.
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Fig. 37. Recovery factors for the secondary injection of brines with different salinities (SW, 10xdSW and
2xcSW) along with 1000 ppm HPAM.

Future studies

« Changes in oil composition, particularly the presence of surface-active components like asphaltenes, resins,
and waxes, can affect the IFT>74%>, Asphaltenes, Resins and Waxes components in crude oil, can act as sur-
factants and reduce the IFT between oil and brine. The acid and base numbers of crude oil, which reflect the
concentration of acidic and basic components, can also influence IFT. For example, at basic conditions, acidic
species can interact with other compounds to reduce IFT. The presence and concentration of polar compo-
nents in crude oil can affect its interaction with brine, particularly with the hydration shell of ions, and thus
influence IFT.

o In brine/oil system, both temperature and pressure can influence wettability and IFT. However the final ef-

fect depends on other involved parameters. For example, Okasha (2018) experiments showed that the IFT
between dead oil and brine decreased with increasing temperature and increased with increasing pressure at
constant temperature?®. However, for live oil-brine system, they observed an opposite trend, in which the IFT
values increased with temperature. At reservoir conditions, the IFT of live oil was higher than that of dead
oil. The measured contact angle values for live oil-brine/rock system increased with temperature. Tang and
Morrow (1997, 2005) reported a transition toward more water-wet behavior in Berea sandstone, when tem-
perature increased from ambient to 75 °C under water imbibition/flooding process**”. Lu et al. (2017) exper-
iments on an oil sample, produced from a sandstone reservoir, tested on mica and quartz substrates showed
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2

along with 1000 ppm HPAM.

4 6
Injected Brine (PV)

Sample Viscosity (mPa s) | IFT (mN/m) | Capillary number | Change of contact angle (°)
10xdSW 0.997 15 2.30x107° 50
SW 1.117 9.9 3.91x107° 25
2xcSW 1.216 5.7 7.40x107° 0
2xcSW + 1000 ppm HPAM | 14 6.1 7.97x107% 20
SW +1000 ppm HPAM 72 10.6 2.36x1077 45
10xdSW +1000ppm HPAM | 165 15.4 3.72x1077 85

Table 6. Key parameters for calculation of capilary numbers.

Injection scenario Sor (%)
Secondary, 2xcSW 85.88
Secondary, SW 85.6
Secondary, 10xdSW 85.12
Secondary, 2xcSW + 1000 ppm HPAM 85.85
Secondary, SW +1000 ppm HPAM 64.6
Secondary, 10xdSW +1000ppm HPAM 41.79
Secondary, 2xcSW/Tertiary, 2xcSW +1000 ppm HPAM 82.67
Secondary, SW/Tertiary, SW + 1000 ppm HPAM 57.12
Secondary, 10xdSW/Tertiary, 10xdSW + 1000 ppm HPAM | 25.11

Table 7. The amount of residual oil saturation at the end of each injection scenario.

that raising the temperature from 25 to 50 °C has no discernible effect on measured contact angle, regardless
of substrate type, brine type, or salt concentration*®. However, testing another oil sample, obtained from a
carbonate reservoir, on calcite substrates, showed that contact angles decrease as the temperature increases
from 25 to 65 °C, and this temperature effect also strongly depends upon the brine type and salt concentra-
tion. In the case of presence of polymer, wettability alteration can be influenced by other factors as well, e.g.,
polymer adsorption and temperature-induced desorption of carboxylic acids***°. It is believed that increased
temperature can lead to a shift in wettability towards a more water-wet state. Polymers can adsorb onto the
rock surface, influencing wettability. Although at higher temperatures, the adsorption of some polymers may
decrease, the overall effect can still be a shift towards water-wet conditions due to other factors like desorp-
tion of carboxylic acids. Carboxylic acids, which contribute to oil-wetting of the rock, may be desorbed from
the rock surface at higher temperatures, promoting a more water-wet state. Generally, it can be stated that in
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Fig. 39. Capillary desaturation curve showing the residual oil saturation as a function of capillary number for
different injection scenarios.

brine/oil/rock systems, temperature increase tends to enhance the wettability alteration of the rocks towards
more water-wet, while pressure has a less direct significant impact (though it might affect wettability through
influencing fluids properties and interfacial tension especially in the case of live oils).

o The findings of this study offer valuable insights for the practical implementation of hybrid low salinity-
polymer flooding in oil-wet double porosity single permeability fractured systems. The demonstrated effec-
tiveness of low salinity brines combined with optimized polymer concentrations in enhancing wettability
alteration and promoting matrix-fracture interaction suggests a promising strategy for EOR field applications,
especially where conventional waterflooding fails. Future researches might focus on performing high pressure
high temperature experiments, scaling micromodel observations to core-scale or pilot field tests, as well as
investigating long-term chemical retention, adsorption, and economic feasibility studies.
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Conclusions

In this research, the effects of brine salinity and presence of polymer on oil displacement mechanisms of
effectiveness in double porosity single permeability fractured porous media are studied. Three different brine
salinities along with absence and presence of HPAM (1000 ppm) were considered. Experiments include both
secondary and tertiary injection modes.

In secondary injection scenario and absence of polymer, the oil recovery increased with decreasing the salini-
ty of injected brine. Nevertheless, the difference between different cases as well as the amount of enhanced oil
recovery from matrix were negligible.

Addition of the HPAM to the injectant in the tertiary injection scenario, enhanced the oil recovery from the
matrix. 2xcSW + HPAM was not able to increase the oil recovery significantly, however for SW and 10xdSW,
adding HPAM increased the oil recovery by 28.48% and 60.01% respectively which proves the positive effect
of hybrid LSPE

In secondary injection modes of 10xdSW and SW, addition of HPAM improved the oil recovery compared to
the counterpart injectants without polymer. However, the effect of hybrid injection with HPAM was negligi-
ble in the case of 2xcSW.

For all the investigated hybrid cases, ultimate oil recovery factors were higher in the case of tertiary injections
compared to the secondary counterparts.

High viscosity of the HPAM solutions (especially in the cases of SW and 10xdSW brines), results in low
mobility of the injectant in the fracture and high viscous forces (compared to the capillary forces of oil-wet
matrix). Both these phenomena promote the intrusion of the HPAM solution into the matrix and higher oil
recovery factors compared to the counterpart brines without HPAM.

In the cases of 2xcSW + HPAM and SW + HPAM tertiary injection, peeling off mechanism of the oil wetting
layers on the fracture walls, is an axillary mechanism which promotes the formation of oil blobs and bridges
in fracture. This mechanism also reduces the mobility of the polymer solution in the fracture and enhances
the diversion of the flow towards the matrix. The effectiveness of the mechanism is owed to the already low
mobility of the solution as well as high capillary forces in the presence of HPAM.

High degree of wettability alterations of the fracture walls and some of the pores (towards neutral-wet condi-
tion) was observed in the secondary 10xdSW. This phenomenon acts as the axillary recovery mechanism, in
the case of following tertiary 10xdSW + HPAM, as it promotes the imbibition of the polymer solution into the
matrix. Peeling oft mechanism in the fracture was minimal in this case, due to the thin oil layers at the end of
secondary 10xdSW.
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