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Low-salinity water injection can boost oil extraction but often triggers asphaltene instability, leading 
to damaging emulsions and clogging in carbonate reservoirs. This research explores a solution by 
combining ion-tuned brines with a cationic surfactant (cetyltrimethylammonium bromide (CTAB)) 
to manage these effects. We specifically examine how the ionic composition of injected water, when 
mixed with CTAB and reservoir rock particles (calcite), governs emulsion behavior and oil recovery 
potential. A series of laboratory experiments simulated reservoir conditions by mixing heavy crude 
oil with various brines and calcite particles. Key experimental evaluations were performed, including 
measurements of interfacial tension (IFT), emulsion fraction and separation time, changes in rock 
surface wettability, and analyses by Fourier-transform infrared (FTIR) spectroscopy, zeta potential, 
and SARA (Saturates, Aromatics, Resins, and Asphaltenes). The result showed that brines enriched 
with sulfate ions, in combination with CTAB, resulted in the most favorable outcome. This system 
reduced the interfacial tension to 5.5 mN/m, whereas the magnesium-modified seawater in the 
presence of CTAB achieved only about 20 mN/m. Furthermore, the sulfate–CTAB mixture altered the 
calcite surface toward a more water-wet condition, a change that plays a critical role in enhancing the 
displacement of trapped oil. The emulsion analysis showed that using sulfate-enriched seawater in 
the presence of calcite particles and CTAB reduced asphaltene precipitation and produced less stable 
emulsions that break more easily. This helps lower the chance of formation damage. In contrast, brines 
high in magnesium or calcium cations promoted the formation of rigid asphaltene complexes that 
stabilized emulsions and hindered oil mobilization. SARA and zeta potential results showed that in 
the aged oil–(SW10d.4SO₄) system (the oil was exposed to sulfate-enriched seawater in the presence 
of CTAB and calcite), the less-negatively charged oil components tended to migrate. In contrast, 
cation-rich brines interacted more strongly with the negatively charged asphaltenes, removing them 
preferentially over the less-polar components and resin fractions. The FTIR-derived indices clearly 
indicated that different brine compositions in the presence of CTAB and calcite particles influenced the 
contribution of various oil components to the fluid–fluid interfacial interactions. The long chain index 
(LCI), representing less-polar hydrocarbon groups, showed the lowest value in aged oil–(SW10d.4SO₄), 
consistent with the migration of these fractions. Meanwhile, in the aged oil–(SW10d.4Mg) system 
(oil exposed to magnesium-enriched seawater with CTAB and calcite), the polar aromatic (PA) index 
and the aliphatic index (ALI) reached 0.366 and 0.193, respectively. This indicates the preferential 
migration and removal of more polar functional groups under cation-rich conditions. Tailoring the 
injected water with sulfate and surfactant gives two benefits. It improves oil recovery by changing 
rock–fluid interactions and it keeps operations efficient by reducing problematic emulsion formation.

Keywords  Asphaltene molecular structure, Emulsion, Smart water flooding, Heavy oil, Wettability 
alteration, Zeta potential

Water flooding is one of the most widely implemented oil recovery strategies, applied in heavy oil reservoirs 
to maintain reservoir pressure and displace crude oil toward production wells1. Recently, significant research 
efforts have focused on changing the brine composition, such as sulfate (SO₄²⁻), calcium (Ca²⁺), and magnesium 
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(Mg²⁺), in the injected aqueous phase —a technique commonly referred to as low-salinity water or ion-tuned 
water or smart water flooding—to improve oil displacement efficiency and reservoir performance2–4. This 
approach has revealed strong potential for improving the recovery of heavy crude oil, particularly in carbonate 
formations, by changing wettability and the interfacial properties between oil and water phases5,6. However, the 
precise mechanisms responsible for these improvements are not yet fully understood.

Despite its advantages, ion-tuned water flooding can also produce unintended challenges, such as increased 
emulsion formation and asphaltene destabilization, effects that are especially pronounced in carbonate 
reservoirs7,8. The formation of emulsions poses a significant challenge in enhanced oil recovery (EOR), as 
it can reduce production efficiency and contribute to both economic losses and environmental concerns. 
Emulsification increases the apparent viscosity of crude oil, making fluid handling and transportation more 
difficult while complicating oil–water separation processes at production facilities8,9. This issue often leads to 
serious operational complications, including pipeline blockages, increased processing demands, and a decline 
in overall crude oil quality8,10,11. Therefore, there is a need to design effective strategies that mitigate emulsion 
stability and promote production performance in carbonate reservoirs subjected to low-salinity water flooding.

One of the key challenges is the enhanced emulsion formation resulting from complex interactions between 
the injected brine, calcite particles, and heavy oil fractions5. Calcite particles can aid in the adsorption of polar 
components of heavy oil, like asphaltene and resin particles. Thus, this can facilitate the development of stable 
Pickering emulsions. These emulsions are stabilized by solid particles at the oil–brine interface12,13.

Emulsion formation and stability are largely governed by asphaltene molecules, which accumulate at the 
oil–water interface and reinforce interfacial films14,15. Asphaltenes are high-molecular-weight components of 
crude oil with intricate polyaromatic groups and a diverse functional groups, ranging from highly polar to 
weakly polar. This unique combination enables them to preferentially adsorb at oil–water interfaces, where they 
reduce interfacial tension and form rigid interfacial films. This interfacial layer reinforces emulsion stability 
by mechanically hindering droplet coalescence and maintaining the integrity of water-in-oil dispersions over 
extended periods5,16.

Tajikmansori et al. demonstrated that the unique structural features and electrostatic characteristics of 
asphaltene molecules play a pivotal role in governing interfacial interactions, directly affecting the stability, 
organization, and mechanical strength of the crude oil–water interface2,17. Additionally, Liang et al. demonstrated 
that the asphaltenes concentration in heavy oil, as well as nitrogen-, sulfur-, and oxygen-containing (NSO) 
compounds, significantly influence the physicochemical properties of the oil–water interface, including 
interfacial tension, film rigidity, and emulsion stability18. Joonaki et al. showed that in aqueous environments 
with higher salinity, asphaltenes tend to form larger polyaromatic aggregates, which can significantly alter 
interfacial structure and contribute to enhanced emulsion stability19. Therefore, understanding the influence of 
oil constituents, particularly asphaltenes and resins, on emulsion behavior is essential for elucidating mechanisms 
that govern emulsion formation and stability.

Numerous studies have also investigated the effects of low salinity water and solid particles on emulsion 
properties. For instance, Balavi et al. examined the combined influence of ionic composition and calcite 
minerals on both emulsion stability and asphaltene behavior. Their findings indicated that in high-salinity water, 
asphaltenes exhibited enhanced tendency to the interaction on rock surface, which in turn altered the stability 
and characteristics of the resulting emulsions5. In a separate study, Cai et al. clarified that particles, which act as 
stabilizers and improve emulsions, can also reduce interfacial tension20.

Mahdavi et al. further highlighted the role of solid particles, finding that the combination of clay, high-
salinity brine, and asphaltene and resin molecules synergistically created emulsions of exceptional stability10,15. 
In addition, Zhou et al. demonstrated that the synergistic effect of kaolinite and active ions can significantly 
alter emulsion stability. This finding contributed to a better understanding of mechanisms relevant to heavy oil 
extraction21.

Cationic surfactants, such as CTAB, have been investigated in EOR performance due to their multiple 
functional roles. CTAB is effective in altering the wettability of reservoir rocks toward a more water-wet state, 
thereby promoting the displacement of residual hydrocarbons. In addition, it substantially lowers the interfacial 
tension (IFT) between oil and water, facilitating the mobilization of trapped oil. Depending on the specific 
reservoir conditions and fluid compositions, CTAB can either stabilize or destabilize emulsions, highlighting 
its contribution as a chemical agent for improving oil recovery efficiency22–24. The amphiphilic nature of CTAB, 
consisting of a positively charged headgroup and a hydrophobic tail, allows it to interact simultaneously with 
both polar and nonpolar components in the reservoir. These interactions modify the interfacial film and can 
change emulsion stability, depending on the composition of the oil and brine phases2,25,26.

The influence of CTAB on oil-water interface and emulsion characteristics, including its stability, has 
been extensively investigated in a wide range of studies, highlighting its critical role in modulating interfacial 
properties and controlling droplet behavior27–29. For example, Seng et al. explored the interactions between heavy 
oil and surfactants, revealing that saturated hydrocarbon fractions promote the formation of stable emulsions22. 
In a related investigation, Koreh et al. analyzed how different surfactants affect the properties of the fluid–fluid 
interface. Their findings demonstrated that surfactant selection plays a pivotal role in controlling both the initial 
formation of emulsions and their subsequent stability over time30.

Furthermore, Javadi et al. demonstrated that the adsorption of CTAB at the oil-water interface, where 
hydrophobic tails extend into the oil phase, was highly dependent on both surfactant concentration and brine 
ionic strength31. Zallaghi et al. demonstrated that the injection of surfactant and smart water enhanced oil 
recovery, underscoring the effectiveness of this strategy in improving overall EOR performance32.

The accumulation of surfactant in carbonate reservoirs during low-salinity water flooding is strongly 
influenced by both the brine’s ionic composition and the rock mineralogy. Research by Rezavni et al. demonstrated 
that a synergistic interaction between surfactants and solid particles significantly enhance oil recovery, even 
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when employed at low concentrations33. Also, experimental evidence from Liu et al. confirmed that the ionic 
composition of the brine, specifically the presence of CaCl2, was a major factor governing the extent of surfactant 
adsorption onto solid particles such as clay34.

Divandari et al. investigated the synergistic effects of ion-tuned seawater, nanoparticles, and surfactants, 
finding that their combination markedly altered interfacial tension35. The critical role of surfactant charge was 
underscored by Li et al. They showed that ionic surfactants like CTAB markedly influence interfacial behavior in 
complex systems containing nanoparticles and ions, unlike their non-ionic counterparts36. Therefore, a detailed 
study of the interactions between CTAB, oil components, ions, and calcite, both in the emulsion phase and at the 
rock–fluid interface, is essential. This understanding is necessary to devise targeted solutions for the persistent 
problems caused by heavy oil emulsions.

To address the critical challenge of emulsion stability in low-salinity water flooding and improve heavy 
oil recovery, this work introduces a targeted chemical method that utilizes the synergistic interplay between 
specific brine ions, calcite particles, asphaltene molecules, and a cationic surfactant. We present a comprehensive 
experimental investigation into how calcium, magnesium, and sulfate ions, in conjunction with CTAB, the 
polar components of oil, and reservoir calcite particles, influence the complex interplay at the oil-water-rock 
interface. In this regard, a new experimental protocol was developed to investigate the synergistic effects of oil 
components, calcite, CTAB molecules, and brine salinity. First, emulsion samples were prepared and aged at 
reservoir-relevant temperature for 20 days. After preparing the emulsions, they were separated, and the fluid-
fluid, rock-fluid, and oil phases were analyzed using a set of experimental tests. The fluid–fluid and oil phases 
were characterized using interfacial tension, zeta potential, SARA, and FTIR analyses. Additionally, the rock–
fluid interactions were evaluated by measuring the zeta potential to find the surface charge and the contact angle 
on calcite to see how the wettability changed. By comparing emulsion stability, interfacial tension, zeta potential, 
and wettability results with FTIR and SARA data, we show that the simultaneous use of CTAB and smart water 
can reduce harmful asphaltene precipitation and improve emulsion behavior.

Materials and methods
Materials
Oil sample
The crude oil used in this study was sourced from a field in southern Iran, and its composition and properties 
are summarized in Table 1. As shown in Table 1, the viscosity of the crude oil is 426.3 cP. According to previous 
studies, oils with viscosities in this range are classified as heavy crude oils10,15.

  

Water phase
This research focused on examining the combined effects of calcite particles, the cationic surfactant 
cetyltrimethylammonium bromide (CTAB), and low-salinity water. Persian Gulf seawater served as the base 
fluid for smart water preparation. To evaluate the effect of salinity, the concentrations of the active ions (Mg²⁺, 
Ca²⁺, and SO₄²⁻) were increased to two and four times their natural concentration. Brine formulations included 
seawater (SW), seawater diluted tenfold (SW10d), and ion-rich seawater samples, all of which were mixed with 
CTAB. The surfactant and salts were supplied by Merck (Germany) at > 99% purity. Table 2 summarized the 
composition of the brines used. Both CTAB and calcite particle concentrations were kept constant across all 
tests, making total dissolved solids (TDS) the only indicator of salinity variation.
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In this context, ci’ represents the concentration of ion ‘i’, measured in mol/L, but zi denotes its corresponding 
ionic charge10.

Crude oil
Properties (unit) Result

Density@25°C (g/cm3) 0.88

Viscosity (cP) 426.3

Acid number (mg KOH/g oil) 0.75

Asphaltene (%mass) 14.35

Resin (%mass) 15.20

Saturates 33.30

Aromatic 37.15

Table 1.  Basic properties and SARA (Saturates, Aromatics, Resins, Asphaltenes) analysis of the heavy crude oil 
sample used in the study10.
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Calcite particles
Calcite particles were utilized in this study to evaluate the synergistic interactions among carbonate minerals, 
injected ions, CTAB, and heavy components of crude oil. Their mineral composition was determined through 
X-ray fluorescence (XRF) analysis, with the results given in Table 3.

  

Method
Sample preparation
To investigate emulsion stability, mixtures of crude oil, brine solutions, CTAB, and calcite particles were prepared 
in 100 mL glass bottles with a water-to-oil ratio of 60:40 (v/v)10,37. Brine samples were pre-mixed with CTAB and 
calcite particles before adding crude oil. An ultrasonic probe was used to disperse the oil phase uniformly into 
the aqueous phase, ensuring thorough mixing of all components.

The emulsified mixtures were further homogenized using a magnetic stirrer operating at 1000 rpm for 6 h 
at 25 °C. After homogenization, the samples were placed in a convection oven at 80 °C and aged for 20 days. 
It is worth mentioning that a temperature of 80 °C was selected for the thermal aging experiments to closely 
reflect the conditions of the heavy oil reservoirs examined in this study10,37. This thermal aging period allowed 
sufficient time for essential physicochemical processes, such as cation exchange, asphaltene interaction with 
mineral surfaces, and reorganization of the interfacial film38.

Once aged, samples were centrifuged at 4000 rpm in 5-minute intervals until clear separation of oil, water, 
and solids was observed. Separated emulsions were then stored at 25 °C in a dark chamber for 24 h to stabilize 
the separated phases before analysis. The emulsion eventually separated into three distinct phases: oil, water, 
and solids. It is important to mention that the solid phase mainly consisted of calcite particles with adsorbed 
asphaltenes, as well as aggregates of unstable asphaltenes that precipitated during the aging process. The volumes 
of the solid and oil phases were measured to evaluate the overall stability of the emulsion39.

For further testing, oil samples were carefully collected from the upper layer of the centrifuged bottles. 
To ensure complete removal of residual water droplets and calcite particles, the extracted oil underwent two 
additional centrifugation cycles. The resulting purified sample was referred to as the “aged oil–aqueous phase”. 
All experiments were performed in triplicate to verify repeatability and accuracy.

IFT (interfacial tension) measurement
Interfacial tension (IFT) measurements were performed to gain deeper insight into the fluid–fluid interfacial 
phenomena. To analyze fluid–fluid interfacial behavior, the interfacial tension (IFT) between the oil sample 
and various brine solutions was measured using the pendant drop technique15,40. In this method, a droplet 
of crude oil is carefully dispensed via a needle into a cell containing the brine with CTAB. For high-viscosity 
oil, the needle tip was placed just below the surface of the aqueous phase, and the oil was injected slowly at 
a controlled rate to avoid distorting the droplet. The pendant-drop method is ideal for heavy oils because it 
enables the droplet to form under carefully controlled pressure41,42. This ensures stable formation and accurate 
interfacial tension measurements. Once the oil–water interface reaches equilibrium, the interfacial tension (IFT) 

Compositions Result(%mass) Compositions Result(%mass)

CaO 54.890  SO3 0.867

MgO 0.465  Zn 0.098

P2O5 0.076  Fe2O 3 0.291

Al2O3 0.250  SiO2 0.731

Cl 0.017  Sr 0.260

K2O 0.09  Loss in ignition (LOI) 41.965

Table 3.  Chemical composition of the purified calcite particles by X-ray fluorescence analysis2.

 

No. Solutions NaCl (g/L) Na2SO4 (g/L) CaCl2 (g/L)
MgCl2.6H2O
(g/L)

KCl
(g/L)

Calcite
(g/L)

CTAB
(g/L) Ionic Strength(I)

TDS
(ppm)

1 SW 28.323 4.936 1.630 10.520 1.032 1 0.386 0.802 46,431

2 SW10d 5.664 0.987 0.326 2.104 0.206 1 0.386 0.160 9,287

3 SW10d.2Ca 5.664 0.987 3.260 2.104 0.206 1 0.386 0.240 12,221

4 SW10d.4Ca 5.664 0.987 6.520 2.104 0.206 1 0.386 0.328 15,481

5 SW10d.2Mg 5.664 0.987 0.326 21.040 0.206 1 0.386 0.440 28,223

6 SW10d.4Mg 5.664 0.987 0.326 42.080 0.206 1 0.386 0.750 49.263

7 SW10d.2SO4 5.664 9.872 0.326 2.104 0.206 1 0.386 0.348 18,172

8 SW10d.4SO4 5.664 19.744 0.326 2.104 0.206 1 0.386 0.556 28,044

Table 2.  Detailed ionic composition, TDS, and ionic strength of the Brine solutions prepared for the 
experiments15.
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was calculated by analyzing droplet pictures with specialized image-processing software. The schematic of the 
interfacial tension (IFT) measurement is shown in Fig. 1.

Zeta (ζ) potential measurement
The ζ potential of calcite particles was measured under standardized laboratory conditions at 25  °C and 
atmospheric pressure (14.7 psi). All measurements were conducted at a controlled neutral pH of 7 to ensure 
consistency. Electrophoretic mobility was determined using a MICROTAC particle analyzer, and these data were 
subsequently converted to zeta potential values.

To prepare samples, a 5 wt% suspension was formulated by dispersing 5 g of finely ground calcite in 100 
mL of the selected brine solutions and aged oil in distilled water. The suspensions were first treated with the 
ultrasonic probe to achieve particle dispersion, followed by mixing on a magnetic stirrer. The pH of each 
suspension was carefully adjusted to neutrality using either 1 M NaOH or 0.1 M HCl, depending on the initial 
pH of the brine10,43. Each experiment was performed in four replicates, and the average ζ potential values are 
reported to ensure data reliability.

Fourier transform infrared spectroscopy (FTIR)
FTIR spectroscopy was performed to identify the chemical functionalities present in aged oil recovered from 
emulsion samples, providing insight into the role of oil components in emulsion stability44,45. The spectra were 
acquired using a PerkinElmer Frontier spectrometer operated in transmission mode, scanning over a wavelength 
range of 400–4000 cm⁻¹. Prior to analysis, droplets of the aged oil were deposited onto potassium bromide (KBr) 
pellets to create thin films for examination15,46,47. This technique, known for its sensitivity to molecular vibrations 
and chemical environments, enabled precise characterization of functional groups within the oil phase.

Contact angle measurement
Contact angle measurements were conducted to evaluate wettability alterations of calcite surfaces exposed to 
brine solutions containing CTAB. High-purity calcite powder was first oven-dried at 80 °C for 24 h to remove 
residual moisture, then fully hydrated in deionized water for 48 h to stabilize its surface chemistry40. To simulate 
reservoir oil–rock interactions, the hydrated calcite particles were mixed with the oil sample at a 1:10 (g: mL) 
ratio and aged at 80 °C for 7 days, allowing adsorption of polar oil components2,48,49.

After aging, unabsorbed oil was removed using filter paper, and the calcite particles were washed with 
deionized water to remove unabsorbed and loosely bound oil from their surfaces. The treated mineral samples 
were subsequently immersed in mixed CTAB–brine solutions prepared at concentrations near the surfactant’s 
critical micelle concentration (~ 0.4 g/L). A solid-to-liquid ratio of 1:10 was used to ensure complete exposure 
of the mineral surface to the aqueous phase. Samples were kept in sealed containers at 80 °C for the duration of 
testing.

Fig. 1.  Schematic diagram of the experimental setup used for interfacial tension (IFT) measurements via the 
pendant drop method.
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For contact angle evaluation, roughly 1 g of calcite powder was extracted from the brine–surfactant 
mixtures at each testing interval, rinsed, air-dried, and pressed into uniform pellets (2 cm diameter) at 200 
kPa·cm⁻²40,50,51. To maintain the natural wettability of calcite, no external binding agents were introduced during 
pellet formation. Contact angle measurements were conducted at ambient laboratory conditions (~ 25 °C) using 
a sessile drop goniometer equipped with a temperature-controlled chamber and a macro lens for high-resolution 
imaging. Observations were taken at predetermined intervals (initially, and at 7, 14, 21, 28, 35, 42, and 49 days), 
and testing was concluded when the variation between consecutive measurements was below 2°, indicating 
equilibrium2,23,40.

SARA analysis
The chemical composition of the crude oil was characterized through SARA (Saturates, Aromatics, Resins, 
and Asphaltenes) fractionation using established standardized techniques. To quantify these four primary 
hydrocarbon classes in aged oil samples, liquid chromatography was employed following ASTM D4124 
guidelines52. This method separates saturates, aromatics, and resins through stepwise elution with solvents of 
increasing polarity, allowing precise differentiation of each fraction. Asphaltenes, recognized as the most polar 
and complex fraction, were isolated independently by inducing precipitation with n-heptane as a precipitant, in 
line with ASTM D6560-17 protocols15. This comprehensive analysis provided critical insights into the chemical 
makeup of the oil and its role in emulsion stability.

Result and discussion
Crude oil contains various heavy molecular components, with asphaltenes being particularly known for 
accumulating at the oil-water interface. When they are migrated toward the emulsion phase, these molecules 
produce a dense, elastic layer around water droplets, making it difficult for the droplets to coalesce. This 
interfacial behavior is one of the key factors behind the stability of emulsions11,48. In carbonate reservoirs, where 
calcite particles are naturally abundant, low-salinity water injection frequently intensifies this effect, causing the 
formation of emulsions. Such emulsions present significant challenges in petroleum production because they 
interfere with separation processes and place additional strain on surface handling facilities.

The present work explores a combined chemical approach involving low-salinity water and the surfactant 
such as CTAB to address these issues. To verify these findings, we designed a comprehensive experimental 
method. Tests were performed to evaluate the characteristics of the emulsions, the efficiency of oil displacement, 
interactions between fluids, the influence of heavy oil constituents, and fluid–rock dynamics. Detailed outcomes 
and their implications are discussed in the subsequent sections.

Emulsion analysis
Mobilizing residual oil left behind after low salinity water flooding can be achieved through emulsification, 
primarily by reducing the interfacial tension (IFT) between the oil and injected water53. This reduction in 
interfacial tension (IFT) enhances displacement efficiency and facilitates the movement of previously trapped 
crude oil, making it a key mechanism in many enhanced oil recovery (EOR) strategies53,54. The combined action 
of calcite particles, cationic surfactant of CTAB, and dissolved ions in injected water plays an important role 
in altering emulsion characteristics and interfacial behavior55. In this study, we investigated the stability of 
emulsions to better understand their behavior under reservoir-like conditions. Emulsion stability was quantified 
by measuring the proportion of separated emulsions’ fractions after centrifugation, as well as by monitoring the 
time required for phase separation to occur. The corresponding data and analysis are illustrated in Figs. 2 and 3.

Figure 2. shows that the emulsions separated into their fractions, including oil, water, and solid, within a 
time range of 28 to 70 min. Among the tested brines, magnesium-enriched seawater (SW10d.4Mg) produced 
the fastest separation, whereas sulfate-rich seawater (SW10d.4SO₄) exhibited the slowest. Similarly, the data 
in Fig.  3. indicates that adding divalent cations (Mg²⁺, Ca²⁺) and sulfate ions (SO₄²⁻) to seawater noticeably 
influenced the proportions of oil and solids released from the emulsions. The highest fraction of solids and oil 
was obtained with emulsion-(SW10d.4Mg) and emulsion-(SW10d.4SO₄), respectively.

In emulsions prepared with seawater containing divalent ions and CTAB, several mechanisms likely govern 
the interactions among asphaltenes, ionic species, CTAB molecules, and calcite particles. These interactions are 
discussed below in detail.

1) The ionic composition of smart water plays a decisive role in controlling the structure of the electrical 
double layer (EDL) at the oil–water interface56. Multivalent ions such as magnesium (Mg²⁺), calcium (Ca²⁺), and 
sulfate (SO₄²⁻) are especially influential because their higher charge density enables them to strongly compress 
or expand the EDL, depending on their concentration and ionic strength10,57. Variations in the EDL thickness 
directly affect the interfacial environment, influencing how easily surfactant molecules such as CTAB can 
approach and adsorb at the interface2,5,58.

2) Divalent cations such as calcium (Ca²⁺) and magnesium (Mg²⁺) strongly influence interfacial chemistry by 
forming complexes with polar molecules in crude oil, particularly asphaltene compounds59,60. At the oil–water 
interface, these interactions lead to the formation of asphaltene–ion complexes, which strengthen the interfacial 
film. This process is referred to as the complexation mechanism.

The mechanism begins with the dissociation of acidic functional groups present in asphaltene molecules 
within the oil phase. Carboxylic acid groups (-COOH), for example, deprotonate to produce negatively charged 
carboxylate ions (-COO⁻). These anionic sites then attract divalent cations from the aqueous phase, forming 
asphaltene-ion complexes at the interface60. This interaction acts as a molecular bridge that links oil-phase species 
with water-phase ions. The following equations demonstrate the interaction between the polar component of oil 
and ions:
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Fig. 3.  Distribution of oil, water, and solid fractions in the separated emulsion phase for various brine 
compositions.

 

Fig. 2.  Emulsion stability assessment by the phase separation time for different ion-tuned brines mixed with 
CTAB and calcite.
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	 ≡ COOH + Ca2+ ↔ ≡ COO − Ca+ + H+� (2)

	 ≡ COOH + Mg2+ ↔ ≡ COO − Mg+ + H+� (3)

3) The salting-in and salting-out phenomena describe how variations in brine salinity influence the interfacial 
behavior of polar crude oil constituents such as asphaltenes and resins10,61. When the concentration of dissolved 
salts in brine increases, ions like Mg²⁺, Ca²⁺, and SO₄²⁻ become heavily hydrated, reducing their presence near 
the oil–water interface. This ion hydration effect, known as salting-out, limits electrostatic interactions at the 
interface and decreases the tendency of polar hydrocarbons to adsorb on water droplets, thereby reducing their 
accumulation at the interfacial film. Nonetheless, decreasing the salinity weakens ion hydration, increasing ionic 
activity at the interface and promoting the adsorption of polar components, which improves emulsion stability.

The distribution of oil and solid components within the emulsion phases differed significantly between the 
SW and SW10d samples. As shown in Figs. 2 and 3, the emulsion formed with SW in the presence of CTAB and 
calcite particles contained a higher proportion of solid particles (8.04%). In contrast, the emulsion formed with 
diluted seawater (SW10d) contained a greater amount of oil (38.55%).

This difference is attributed to the brine’s ionic composition. In the emulsion-SW sample, the high 
concentration of active cations (e.g., Mg²⁺, Ca²⁺) promotes complexation with polar oil components, such as 
asphaltenes and resins. This complexation, following the mechanisms described in Eqs. 2 and 3, likely increased 
their migration to the emulsion phase and subsequent formation of solid asphaltene-ion or resin-ion complexes. 
Furthermore, the abundance of divalent cations competed with the cationic surfactant CTAB for interface 
occupancy25,37,62. This competition enabled more calcite particles to interact with the polar and negatively 
charged oil molecules, stabilizing the emulsion-SW and contributing to the higher solid content.

On the other hand, the SW10d contained a lower concentration of these active cations. With reduced ionic 
competition and enough space in the EDL, CTAB more effectively accumulated at the oil-water interface. 
The high surface activity of CTAB likely limited the migration of polar crude oil components to the interface. 
Consequently, less asphaltenic solid was formed, and a larger volume of the oil phase itself was incorporated into 
the emulsion.

This observation was supported by emulsion stability tests. As seen in Fig. 2, the emulsion-SW10d required 
a longer time to separate than the emulsion-SW, indicating higher stability. The improved emulsion stability, 
combined with greater oil entrapment, suggests that SW10d enhances the recovery of trapped oil in EOR 
applications while minimizing solid formation53.

The stability of the produced emulsions, as directly measured by their phase separation time in Fig.  2, 
is fundamentally governed by the type and concentration of divalent cations in the brine. The difference in 
emulsion stability between calcium-rich brines (SW10d.2Ca: 47 min, SW10d.4Ca: 43 min) and magnesium-rich 
brines (SW10d.2Mg and SW10d.4Mg) highlights two opposing interfacial effects. Calcium-enriched seawater 
with CTAB and calcite stabilizes the emulsion film, while magnesium-enriched seawater tends to reduce the 
formation of a stable emulsion.

The greater stability of emulsions with calcium ions, CTAB, and calcite particles appears to arise from 
synergistic effects at the oil–water interface. Calcium’s relatively lower charge density weakens its competitive 
presence against the cationic surfactant CTAB for accumulation at the interface. This allowed CTAB molecules to 
maintain a dominant presence at the interface, creating a stable film characterized by strong electrostatic repulsion 
between cationic head groups in the electrical double layer. Furthermore, the lower calcium concentration 
in (SW10d.2Ca) promotes a salting-in effect, helping CTAB migrate to the interface more effectively than in 
(SW10d.4Ca). In (SW10d.4Ca), stronger interactions between Ca²⁺ and asphaltenes lead to the formation of 
asphaltene–ion or resin–ion complexes, which limit the stability of the CTAB-stabilized emulsion film17,58,63. 
However, the lower concentration of active cations in (SW10d.2Ca) enhances the migration of CTAB molecules 
to the interface. This increases emulsion stability, strengthens the film, and helps prevent droplet coalescence38.

Conversely, magnesium ions act as a potent destabilizing agent. Due to their high charge density, Mg²⁺ ions 
exhibit a strong preferential binding affinity for the negatively charged functional groups in asphaltene and resin 
molecules. This interaction did not promote a structured film; instead, it directly increases the solid content 
of the system, as confirmed by the higher percentage of solids in (SW10d.4Mg) compared to (SW10d.4Ca). 
More importantly, these aggregates effectively compete for and displace CTAB molecules from the interface. The 
expulsion of the highly surface-active CTAB cripples its ability to stabilize droplets, leading to lower migration 
of oil fraction toward the interface (33.19% and 34.06%), as obtained results are shown in Fig. 3.

The presence of CTAB and sulfate anions (SO₄²⁻) in the brine results in a highly stable emulsion, different 
from those formed in divalent cation-enriched systems. The key mechanism involves a synergistic interaction, 
where sulfate ions promote the accumulation of cationic surfactant CTAB at the oil-water interface2,40,58. This 
dense surfactant layer considerably enhances the electrostatic repulsive forces between droplets.

This surfactant-dominated mechanism results in a notable decrease in solid content within the emulsion 
(5%). The repulsive forces between the negatively charged sulfate ions and the polar asphaltene components limit 
the opportunity for direct asphaltene-ion or resin-ion complexes and subsequent aggregation. Consequently, the 
system shows reduced entrapment of asphaltenic or resinc solids compared to emulsions formed with Mg²⁺ or 
Ca²⁺, where such complexation is prevalent.

A comparison between (SW10d.2SO4) and (SW10d.4SO4) reveals the role of ionic strength. High sulfate 
concentrations enhance the salting-out effect rather than the salting-in effect, which reduces the accumulation 
of CTAB at the interface and compresses the electrical double layer. The resultant strong electrostatic barrier 
is the primary factor hindering droplet coalescence, leading to enhanced emulsion stability as reflected in 
Fig. 3. The net effect of this process is dual-fold: it generates a stable emulsion while simultaneously minimizing 
the incorporation of asphaltenes and resins. According to Fig.  3, this shift away from asphaltene-mediated 
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stabilization is highly advantageous, leading to a noticeably greater recovery of free oil—approximately 39.88% 
in the case of (SW10d.4SO4). Thus, sulfate-enriched brines enhance oil recovery more effectively than cation-
dominated brines, which tend to cause aggregation and form problematic emulsions. Following the emulsion 
stability measurements, a series of laboratory tests was performed to probe the mechanisms governing oil-water-
rock interactions. The results of these investigations are detailed in the subsequent sections.

Fluid-fluid interactions
Interfacial tension (IFT)
The behavior of oil-water systems is profoundly influenced by interfacial tension (IFT), a key parameter in 
enhanced oil recovery (EOR) and emulsion stability studies64,65. Accurate measurement of interfacial tension 
(IFT) provides critical insight into the properties of the oil-water interface, which can be altered by several 
factors. These include the ionic profile of the injected brine, the natural surfactant content of the crude oil (e.g., 
asphaltenes and resins), and the introduction of synthetic surfactants such as cetyltrimethylammonium bromide 
(CTAB)30,66. In particular, the application of low-salinity water flooding, a common EOR technique, relies on 
modifying interfacial properties to improve oil displacement40. A potentially significant yet less explored aspect 
is the synergistic effect between brine ions and cationic surfactants like CTAB, which may lead to substantial 
interfacial tension (IFT) reduction. To investigate these interactions, the interfacial tension (IFT) between the 
crude oil and various aqueous solutions was measured, and the results are presented in Fig. 4.

Figure 4. demonstrates the strong influence of ionic composition on the interfacial tension (IFT) of crude 
oil in the brines in the presence of CTAB and calcite particles. Among all tested brines, sulfate-enriched 
seawater (SW10d.4SO₄) produced the lowest interfacial tension (IFT) values, whereas magnesium-rich brines 
(SW10d.2Mg and SW10d.4Mg) resulted in the highest interfacial tension (IFT). The interfacial tension (IFT) 
performance follows this order: sulfate-rich brines (SW10d.4SO₄: 5.5 mN/m; SW10d.2SO₄: 6.9 mN/m) > SW10d 
(11.1 mN/m) > calcium-rich brines (SW10d.2Ca: 14.8 mN/m; SW10d.4Ca: 16.2 mN/m) > standard seawater 
(18.3 mN/m) > magnesium-rich brines (SW10d.2Mg: 20.6 mN/m; SW10d.4Mg: 22 mN/m). This hierarchy arises 
from the combined effects of change in electrical double layer thickness, CTAB accumulation, and asphaltene 
interactions with solid particles and ions at the oil–water interface.

The interfacial tension (IFT) trend aligns closely with the emulsion stability results (Figs. 2 and 3). The lowest 
interfacial tension (IFT) in sulfate-rich systems corresponds to the slowest emulsion separation and the highest 
oil fraction in the emulsion, whereas the high interfacial tension (IFT) observed in magnesium-rich brines 
coincides with rapid emulsion separation and higher solid content. This association demonstrates that brine 
composition influences interfacial tension and, in turn, governs emulsion stability as well as the distribution of 
oil and solid phases.

In sulfate-rich systems, SO₄²⁻ ions play a dual role. First, they increased the negative charge of the interface, 
which promoted stronger electrostatic attraction for the cationic head groups of CTAB molecules. This 
increased surfactant accumulation promotes the formation of a dense interfacial film, which effectively lowers 

Fig. 4.  Interfacial tension (IFT) values between crude oil and different aqueous phases.
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the interfacial tension2,37. Second, sulfate anions repel negatively charged polar components of crude oil, such 
as asphaltenes and resins, limiting their ability to accumulate at the interface and form rigid asphaltene-ion or 
resin-ion complexes. As a result, the oil–(SW10d.4SO₄) system displayed the sharpest reduction in interfacial 
tension (IFT), 17 mN/m lower than its magnesium-rich samples. The strong electrostatic repulsion at the CTAB-
dominated interface explains the observed high stability and larger oil fraction of emulsions in SW10d.4SO₄ 
(Figs. 2 and 3). This highlights the role of surfactant-coated droplet interactions in stabilizing the interface and 
facilitating oil mobilization.

By contrast, magnesium-rich brines showed much weaker interfacial tension (IFT) reduction. Magnesium’s 
small ionic radius and high charge density make it a particularly strong competitor for interfacial sites, displacing 
CTAB molecules and hindering their adsorption. Additionally, Mg²⁺ ions interact with negatively charged groups 
on asphaltenes (e.g., carboxylates and sulfoxides), forming dense asphaltene–ion layers at the interface2,17,60. 
These rigid films limit CTAB activity and accumulation at the interface, resulting in higher interfacial tension 
values of 20.6 mN/m for SW10d.2Mg and 22 mN/m for SW10d.4Mg, as illustrated in Fig. 4. Hence, magnesium 
enrichment both inhibits CTAB from reducing the interfacial tension and promotes rigid asphaltene films, 
conditions that are generally unfavorable for enhanced oil recovery, as discussed in Sect. 3.1.

Calcium-rich systems (SW10d.2Ca and SW10d.4Ca) exhibited intermediate behavior. Although Ca²⁺ can 
also form complexes with asphaltenes, its larger ionic radius and lower charge density compared to Mg²⁺ make 
it less competitive with CTAB. Consequently, CTAB molecules maintained a stronger presence at the calcium-
enriched seawater–oil interface, as reflected by the measured interfacial tension (IFT) values of 14.8 mN/m 
(SW10d.2Ca) and 16.2 mN/m (SW10d.4Ca).

A concentration-dependent effect was also observed: lower Ca²⁺ concentration (SW10d.2Ca) facilitates CTAB 
adsorption by expanding the electrical double layer and reducing ionic competition. Nevertheless, higher Ca²⁺ 
concentration (SW10d.4Ca) compresses the electrical double layer, partially restricting CTAB accumulation and 
resulting in a slightly higher interfacial tension (IFT). Compared with magnesium-containing systems, calcium-
rich brines are therefore more effective in reducing interfacial tension (IFT) and enhancing oil recovery. These 
findings are consistent with the emulsion stability results, where calcium-rich brines exhibited moderate stability 
and solid content, intermediate between the extremes observed for sulfate-rich and magnesium-rich systems.

The role of ionic strength is further highlighted in the comparison between standard SW and SW10d. In 
seawater, high ionic strength compressed the EDL and activated the salting-out effect, which inhibited CTAB 
accumulation and favored the formation of rigid asphaltene–ion complexes. Consequently, the interfacial 
tension (IFT) remained relatively high at 18.3 mN/m. However, SW10d reduced ionic strength, expanded the 
EDL, and decreased competition from divalent cations. This facilitated greater migration of CTAB molecules to 
the interface, lowering the interfacial tension (IFT) to 11.1 mN/m. The comparison between SW and SW10d 
demonstrated that reducing cation concentration enhanced the effectiveness of CTAB, even in the absence of 
sulfate enrichment.

Oil zeta potential
To better understand the effect of polar and negative component migration on oil properties, the zeta potential 
of the aged oil samples was investigated. The observed changes are reported in Fig. 5.

The crude oil sample exhibited a zeta potential of approximately − 30 mV; however, when the oil was exposed 
to different brines, the zeta potential of the aged oils shifted toward less negative values, ranging from − 16.7 to 

Fig. 5.  The result of zeta potential measurements of different aged oils.
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− 27.1 mV. This change shows that the oil phases lost part of their surface charge when ions, CTAB, or calcite 
were present. A weaker negative charge means the natural repulsion between oil droplets was reduced, which 
makes the oil more sensitive to the type of ions in the brine.

The change in surface charge is mainly caused by the migration of asphaltene and resin molecules15,63. 
Asphaltenes and resins are large surface-active molecules that contain oxygen, sulfur, and nitrogen groups38,67. 
These polar groups carry negative charges and tend to accumulate at the oil–water interface. When divalent 
cations such as Mg²⁺ and Ca²⁺ are present, they interact with these polar sites17. The ions neutralize the negative 
charges and form complexes, which adsorb asphaltenes and resins from the oil bulk and into the interface. This 
reduces the amount of polar material left in the oil and shifts the zeta potential toward less negative values. The 
more strongly the ions bind with asphaltene and resin molecules, the greater the reduction in charge.

Among all systems, the magnesium-rich brine exhibited the most pronounced effect. Mg²⁺, with its small 
ionic radius and high charge density, effectively forms complexes with asphaltenes and resins at the oil–water 
interface. As a result, the zeta potential shifted to − 16.7 mV, as can be seen in Fig. 5. These molecular-level 
interactions are directly reflected in the macroscopic behavior: the interfacial tension (IFT) increased sharply 
in magnesium-rich brines (Fig. 4), and the emulsions separated rapidly (Fig. 2), indicating weak electrostatic 
repulsion and low emulsion stability. In addition, the extensive migration of asphaltenes from the oil bulk 
reduced the concentration of polar and negative functional groups in the oil phase, contributing to the high 
solid fraction observed in Fig. 3 for (SW10d.4Mg).

Calcium-enriched seawater led to a reduction in the oil surface charge, but the effect was weaker than that 
observed for magnesium-enriched seawater, as shown in Fig. 5. The zeta potential in the calcium-rich system 
was measured at − 21.5 mV. The intermediate value suggests that calcium ions promote negatively charged 
asphaltene migration from oil bulk compared to sulfate-encrusted seawater and SW10d, although their formation 
of asphaltene–ion complexes is weaker than that of magnesium ions because of their lower charge density. 
Correspondingly, the interfacial tension (IFT) for calcium-rich brines was intermediate (14.8–16.2 mN/m), and 
the emulsions separated more slowly than in magnesium systems but faster than in sulfate-rich systems.

On the other hand, oil exposed to sulfate-enriched seawater in the presence of calcite and CTAB behaved 
oppositely. Being negatively charged, sulfate did not form strong complexes with asphaltene and resin molecules. 
Instead, it expanded the electrical double layer around the droplets and helped preserve a more negative surface 
charge. The zeta potential of the sulfate-rich sample was − 27.1 mV, very close to the crude oil value.

This preservation of negative charge correlates with the lowest interfacial tension (IFT) observed for oil 
in (SW10d.4SO₄) (5.5 mN/m, Fig. 4) and with the slowest emulsion separation (Fig. 2). This highlights that 
electrostatic repulsion between droplets plays a key role in emulsion stability. More asphaltenes remained in 
the oil bulk rather than migrating to the interface. With more polar components in the oil phase, the interfacial 
tension (IFT) stayed lower compared with Mg²⁺ or Ca²⁺ systems. The stronger negative surface charge enhanced 
the accumulation of CTAB molecules at the interface and increased electrostatic repulsion between droplets, 
resulting in more stable emulsions with slower phase separation. This is consistent with the larger oil fraction 
(~ 39.88%) observed in the emulsion phase for sulfate-rich brines (Fig. 3).

Additionally, zeta potential measurements revealed a stronger reduction for aged oil–SW compared with 
aged oil–SW10d. As discussed in Sect. 3.1 and 3.2.2, this difference arises from variations in the EDL. In the 
diluted brine (SW10d), the EDL is more expanded, which enhances the accumulation of CTAB molecules at 
the interface. In contrast, in the case of SW, the higher concentration of active cations increases the affinity of 
asphaltenes and resins for the interface. This interaction results in partial depletion of negatively charged polar 
species, such as asphaltenes and resins, from the oil phase. The trend displayed in Fig. 5. provides clear evidence 
of these effects.

Contribution of the oil components in the emulsion
SARA analysis
The stability of crude oil emulsions is mainly influenced by polar fractions of oil, such as asphaltenes and resins. 
These polar fractions act like surfactants, which determine the characteristics of the oil-water interface17. We 
conducted the SARA analysis to investigate the individual roles of these components. Figure 6. presents our 
findings on how resins and asphaltenes distinctly influence emulsion phase behavior.

As can be seen in Fig. 6, the results strongly suggest that asphaltenes are the more dominant fraction compared 
to resins in governing the oil’s properties, especially in response to changes in salinity and ion type.

The most important observation is that the amount of asphaltenes and resins changed in opposite ways when 
different ions were added. Specifically, when the concentration of calcium (Ca²⁺) and magnesium (Mg²⁺) ions 
increased, the amount of asphaltenes decreased. For example, with more magnesium (aged oil-SW10d.4Mg), 
asphaltenes in aged oil samples dropped from 12.11% to 9.79%. This happens because these ions help asphaltenes 
clump together and fall out of the oil. Resins also decrease slightly, but the change is much smaller. This shows 
that the environment had a stronger and more direct impact on asphaltenes and resins, which were more stable 
in the oil phase.

On the other hand, when sulfate (SO₄²⁻) ions were added, the opposite occurred. The amount of asphaltenes 
increased, from 12.11% to 13.57%. Resins also increased a small amount. This likely happened because sulfate 
ions made the asphaltene molecules more stable and able to stay dissolved in the oil bulk. Again, the change in 
the asphaltene percentage was much larger than the change in resins, proving they are more reactive and less 
stable in the oil phase compared to resin molecules.

Furthermore, a more significant reduction in the asphaltene content was observed in the aged oil-SW, 
compared to the aged oil-SW10d. This indicates that the specific composition of the water phase plays a 
critical role in determining which components migrate out of the oil. The reason for this difference lies in the 
competition for space at the oil-water interface. The SW10d solution contains a higher concentration of the 
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CTAB molecule. These CTAB molecules effectively dominate the interface, forming a barrier that prevents the 
migration of asphaltenes from oil toward the interface.

In contrast, SW had fewer CTAB molecules as a result of a greater presence of active cations in the emulsion 
phase. Without this competition, a larger number of asphaltene molecules were able to migrate and accumulate 
at the interface. In both samples, the resin molecules showed minimal change, remaining dissolved in the oil 
phase because they are less surface-active.

This behavior is ultimately due to the innate properties of the molecules. Although asphaltenes are large, 
they contain polar sections (nitrogen, sulfur, and oxygen, or NSO compounds) that improve the affinity of 
asphaltene molecules to the interface rather than the oil phase. It can be concluded that asphaltenes are the 
dominant fraction in changes of oil properties and interfacial phenomena. They are less stable and more reactive 
to changes in the water chemistry than resins17,58,68. Their behavior dictates what happens to the entire oil 
mixture. Understanding this dominance is key to predicting problems like emulsion stability and designing 
better processes to break them.

The integrated SARA analysis provided conclusive validation that asphaltenes are the predominant fraction 
in emulsion stability. This was evidenced by the reduction of asphaltene concentration of the oil phase, while 
resin concentrations remained largely unchanged. To better clarify how the molecular structure of asphaltene 
molecules affects oil properties, FTIR analysis was conducted in the following section.

Fourier-transform infrared (FTIR)
The stability of oil–water emulsions during smart water flooding is strongly influenced by the type and 
distribution of functional groups in crude oil. High-polar components, such as asphaltenes, migrate to the oil–
water interface, while less-polar hydrocarbons have less tendency to move toward the interface10,16,17. FTIR 
spectroscopy is particularly useful for monitoring these structural changes, as it allows direct identification of 
both highly polar and less polar functional groups17,44. In this study, FTIR was applied to crude and aged oil 
samples (Fig. 7), with the outcomes summarized in Table 4 and the quantitative indices listed in Table 5.

As can be observed in Fig. 7, the normalized FTIR spectra revealed five consistent absorption bands across 
all samples. No additional peaks appeared and none disappeared, meaning that aging under different brine 
conditions did not generate new functional groups. Instead, the intensity of existing peaks changed, reflecting 
variations in concentration. This observation is in agreement with previous work on heavy oils44,69, where the 
main chemical structure was preserved during aging, but redistribution of aliphatic and aromatic structures was 
detected.

  
As shown in Table 4, crude oil spectra featured distinct absorption in the 2720–2735 cm⁻¹ region, attributed 

to C–H stretching in carboxylic acids (HC = O), and a strong band at 2955–2975 cm⁻¹ corresponding to CH₃ 
asymmetric stretching. The band at 1440–1485 cm⁻¹ indicated CH₃ bending vibrations, a characteristic signal 
of aliphatic hydrocarbons, while peaks between 710 and 890 cm⁻¹ and the band at 3060 cm⁻¹ confirmed the 

Fig. 6.  SARA fractionation results for aged oils.
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presence of aromatics. Notably, aged oils exhibited reduced intensity in the aliphatic stretching bands (2800–2975 
cm⁻¹), consistent with their heavy crude nature, whereas aromatic bands showed relatively stable intensity70,71. 
This contrast illustrates that aliphatic components are more easily mobilized during aging compared to aromatic 
compounds44,70.

The functional groups present in the FTIR spectra were quantified by calculating the integral area (A) of the 
characteristic peaks. These area values were then used to compute several quantitative indices, defined in Eq. 
4 through 7, to enable a comparative analysis of the chemical composition across the different oil samples37,44.

	
ALI (Aliphatic Index) = A1460 + A1376

A1600 + A1460 + A1376 + A1030 + A864 + A814 + A724 + A743 + A2953 + A2923 + A2862
� (4)

Wavelength(cm− 1)

Oil

Functional groups

 3300–3450 O–H stretch (carboxylic acid or Alcohol)

 3000–3100 C–H stretch in aromatic

 2955–2975 CH3 asymmetric

 2910–2940 CH2 symmetric (Alkane)

 2800–2860 CH2 asymmetric stretch (Alkane)

 2720–2735 HC = O (carboxylic acid)

 1904–1910 overtones, weak(aromatic)

 1580–1630 C = C stretch (in-ring) aromatic

 1440–1485 C–H bend or scissoring

 1330–1385 C–H rock, methyl (Alkane)

 1150–1200 C–O stretch (Alcohol or Esters or carboxylic acid)

 1000–1050 C–O stretch (Alcohol or Esters)

 850–890 C–H “oop” (Aromatic)

 780–820 C-H (aromatic)

 710–760 C–H rock, methyl, seen only in long chain alkanes

Table 4.  Assignment of major functional groups and chemical bonds identified in the FTIR spectra of the oil 
samples10.

 

Fig. 7.  FTIR spectra of crude and aged oil samples, identifying key functional groups and structural changes.
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LCI (Long Chain Index) = A724

A1460 + A1376
� (5)

	
P olar aromatic (P A) index = A3100−3450

A1500−1650
� (6)

	
ARO (Aromaticity) index = A1600

A743 + A724 + A814
� (7)

The derived indices serve as crucial quantitative metrics, allowing for a more robust comparative analysis of the 
chemical changes evident in the FTIR spectra of the aged oils versus the original crude oil.

In Table 5, the Aliphatic Index (ALI) of crude oil was 0.443 but declined in all aged oils, reaching the lowest 
value of 0.193 in aged oil-(SW10d.4Mg). This indicates noticeable depletion of aliphatic chains in magnesium-
enriched systems. Calcium showed an intermediate effect (0.261 in aged oil-(SW10d.4Ca), while sulfate-rich 
brines retained more aliphatic fractions (0.331 in aged oil-(SW10d.4SO₄). The decrease in the AS=O index 
followed the same order (SO₄²⁻> Ca2+ > Mg2+), highlighting the role of sulfoxide-polarized aliphatic branches 
in promoting interfacial migration. This agrees with earlier reports45, where sulfoxide groups enhanced the 
migration of asphaltenes by polarizing attached alkyl chains.

The trends in the ALI and AS=O indices are consistent with the ζ-potential and interfacial tension (IFT) 
measurements. In magnesium-rich brines, the ζ-potential shifted to − 16.7 mV and the interfacial tension (IFT) 
reached the highest values (20–22 mN/m). This behavior was attributed to the limited contribution of CTAB at 
the oil–(SW10d.4Mg) interface, which was insufficient to reduce interfacial tension (IFT). Instead, the migration 
of polar and negatively charged asphaltenes increased. This is because their sulfoxide-containing aliphatic 
groups interact with interfacial ions through the complexation mechanism. As a result, asphaltene molecules 
accumulated at the interface and were depleted from the oil bulk.

These molecular changes are reflected in the emulsion behavior. Figure  3 represents that the least stable 
emulsion, with a higher solid fraction and a lower oil fraction, was obtained for emulsion-(SW10d.4Mg). 
Consequently, the emulsion behaved as an asphaltenic emulsion, and the recovery of trapped oil was reduced, as 
supported by the obtained results from Figs. 2 and 3.

The Long Chain Index (LCI), which measures the contribution of extended alkanes, started at 0.401 in crude 
oil but declined most sharply in sulfate systems, reaching 0.232 in aged oil-(SW10d.4SO₄). By contrast, oils aged 
in magnesium-rich brines retained higher values (0.366 in aged oil-(SW10d.4Mg). This shows that sulfate ions 
predominantly mobilize long-chain hydrocarbons, while magnesium targets polar structures. Similar reductions 
in aliphatic signals in sulfate-containing systems have been described in prior studies17,44,72, which SO₄²⁻ was 
shown to enhance surfactant efficiency and promote micelle formation, facilitating alkane removal from the 
bulk oil phase.

The Polar Aromatic (PA) and Aromatic Ring (ARO) indices exhibited different patterns. In crude oil, PA 
and ARO were 0.918 and 0.586, respectively. Oils aged in divalent cation brines showed strong declines: for 
example, aged oil-(SW10d.4Mg) had PA = 0.365 and ARO = 0.303, while aged oil-(SW10d.4Ca) gave PA = 0.472 
and ARO = 0.414. This drop indicates that divalent cations bind to negatively charged asphaltenes, pulling 
them out of the oil phase and toward the interface. By contrast, sulfate-enriched brines preserved higher values 
(PA = 0.629–0.693, ARO = 0.468–0.484). Since SO₄²⁻ has no direct affinity for asphaltenes, aromatic fractions 
largely remained in the oil bulk. Instead, sulfate influenced surfactant behavior indirectly, promoting the 
mobilization of aliphatic chains rather than aromatics.

When comparing the indices across all oil samples (Table 5), crude oil consistently showed the highest values 
for ALI (0.443), PA (0.918), and ARO (0.588), indicating its rich content of both aliphatic and aromatic groups 
before exposure to brines. Once aged, these values declined, but the rate and extent of reduction differed with 
brine type.

For example, oils aged in magnesium-rich systems displayed the lowest ALI (0.193) and AS=O (0.481), 
signifying strong depletion of aliphatic fractions and sulfoxide-associated groups. In contrast, sulfate-rich oils 
retained relatively higher ALI (0.331 in SW10d.4SO₄) and higher PA/ARO values (0.693 and 0.484, respectively), 
showing that aromatics were preserved while long-chain alkanes were reduced. Calcium-aged oils fell between 

No Solutions ALI As = o PA ARO LCI

1 Crude oil 0.443 0.780 0.918 0.588 0.402

2 Aged oil-SW 0.241 0.547 0.450 0.375 0.345

6 Aged oil-SW10d 0.292 0.649 0.586 0.455 0.293

3 Aged oil-(SW10d.2Ca) 0.284 0.602 0.539 0.432 0.306

4 Aged oil-(SW10d.4Ca) 0.261 0.579 0.473 0.414 0.324

5 Aged oil-(SW10d.2Mg) 0.227 0.519 0.398 0.329 0.354

7 Aged oil-(SW10d.4Mg) 0.193 0.481 0.366 0.304 0.366

8 Aged oil-(SW10d.2SO4) 0.309 0.656 0.629 0.468 0.263

9 Aged oil-(SW10d.4SO4) 0.331 0.677 0.693 0.484 0.232

Table 5.  Quantitative structural indices derived from FTIR analysis.
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these extremes (ALI = 0.260, PA = 0.473, ARO = 0.414), highlighting a moderate effect on both aliphatic and 
aromatic fractions. Aged oil-SW and aged oil-SW10d also showed reductions, but less pronounced compared 
with cation- or sulfate-enriched samples, confirming that ion composition has a greater influence than simple 
dilution.

Direct comparison of the brine systems illustrates these differences more clearly. Sulfate-enriched brines 
(SW10d.2SO₄, SW10d.4SO₄) mainly affected the less-polar fractions, lowering the LCI from 0.401 in crude oil 
to 0.232. At the same time, PA and ARO values stayed high, showing that most aromatics were retained. The 
ζ-potential results further support these molecular-level observations. In the aged oil-(SW10d.2SO4) and aged 
oil-(SW10d.4SO4) system, the oil retained more polar aromatic and aliphatic compounds and maintained a 
more negative ζ-potential (–27.1 mV). The stronger negative charge enhanced the accumulation of CTAB at the 
oil–water interface, resulting in lower interfacial tension and the formation of the most stable emulsions.

Magnesium-enriched brines (SW10d.2Mg and SW10d.4Mg) resulted significant depletion of asphaltenes 
containing high concentrations of polar aliphatic and aromatic groups from the oil phase as a result of 
complexation mechanisms. This was observed by the obtained results of PA, ALI, and aromatic indices in 
Table  5. Thus, it creates rigid asphaltene-ion complexes at the interface. These complexes reduce the overall 
negative surface charge of the aged oil, as reflected in the less negative ζ-potential (–16.7 mV), and hinder CTAB 
accumulation at the interface, leading to higher interfacial tension (20–22 mN/m). Consequently, the emulsions 
produced in these systems are less stable and separate quickly, as the weakened electrostatic repulsion between 
droplets facilitates coalescence.

Calcium-enriched systems (SW10d.2Ca, SW10d.4Ca) caused moderate decreases in ALI and aromatic 
indices, suggesting that asphaltenes rich in aliphatic and aromatic groups partially migrated from the oil phase to 
the interface. Ca²⁺ ions form complexes with polar oil molecules but, due to their lower charge density, compete 
less strongly with CTAB. This allows CTAB to partially dominate the interface, generating moderate interfacial 
tension (IFT) values (14.8–16.2 mN/m) and more stable emulsions, while the zeta potential shifts moderately 
(–21.5 mV). The mechanism involves a balance between asphaltene–ion complex formation and surfactant-
mediated stabilization, resulting in intermediate emulsion behavior compared to aged oil-(SW10d.2Mg) and 
aged oil-(SW10d.4Mg).

Base seawater (SW and SW10d) showed only modest decreases in FTIR indices (e.g., ALI = 0.241, PA = 0.450, 
ARO = 0.375), reflecting weaker interfacial interactions and limited migration of polar and aliphatic components. 
The ζ-potential remained moderately negative, allowing partial electrostatic stabilization of droplets, while 
interfacial tension (IFT) values (11.1–18.3 mN/m) indicate intermediate surfactant activity. These molecular-
level effects collectively lead to emulsions of moderate stability, with droplet coalescence that was not fully 
prevented.

Fluid-solid interactions
Zeta (ζ) potential of calcite particles
When calcite particles contact water containing dissolved salts and CTAB, some of their surface groups ionize. 
This ionization produces electrical charges at the rock–water interface, which then affect how stable the particles 
are in suspension and how they interact with fluids15,73. The strength of these surface charges can be evaluated 
using zeta potential measurements, a technique often used to understand changes in rock wettability74,75. It 
depends on many factors, such as the type of ions, their concentration, the pH of the solution, and adsorbed 
polar compounds onto the particle surfaces40,75. In this study, the zeta potential values of calcite particles were 
measured when exposed to smart water combined with CTAB solutions. The results are presented in Fig. 8.

As presented in Fig.  8, ζ potential values of calcite particles in different brines ranged from 31.6 to 49.2 
mV, reflecting the strong influence of brine composition on electrostatic interactions, surfactant adsorption, 
and emulsion behavior. Diluted seawater (SW10d) exhibited the highest ζ potential (49.2 mV), while sulfate-
enriched seawater (SW10d.4SO₄) showed the lowest (31.6 mV). This change in zeta potential indicates that ions 
affect the thickness of the electrical double layer (EDL), the adsorption of CTAB molecules on calcite surfaces, 
and their competition with surfactants at the interface.

In SW10d, the lower ionic strength and reduced divalent cation content triggered a salting-in effect, 
expanding the EDL and decreasing competition between CTAB and brine cations. This allowed CTAB molecules 
to accumulate more efficiently at the calcite surface, increasing positive surface charge and strengthening 
electrostatic repulsion between particles. In contrast, SW had a smaller ζ potential (34.9 mV) due to EDL 
compression and the salting-out effect, which reduced CTAB adsorption despite the presence of the same 
ions2,76. Hence, diluted brines enhance surface charge, stabilize particles, and shift the system toward a more 
water-wet state77–79. This directly supports the improved emulsion stability and higher oil entrapment observed 
in SW10d emulsions (Figs. 2 and 3).

Cation-enriched solutions displayed intermediate behavior. In calcium-rich brines (SW10d.4Ca: 41.7 mV), 
Ca²⁺ ions partially competed with CTAB due to their larger ionic radius and lower charge density, allowing 
moderate surfactant adsorption. This enhanced accumulation of CTAB in the interface helped reduce solid 
migration (asphaltene) into the emulsion, promoting a stable emulsion.

Magnesium-rich brines (SW10d.4Mg: 38.3 mV), on the other hand, had stronger ionic competition. Mg²⁺ 
ions, with their smaller size and higher charge density, more effectively displaced CTAB from the calcite 
surface, reducing ζ potential and weakening electrostatic stabilization2,40. From a wettability perspective, these 
results indicate that calcium-enriched brines allow partial CTAB adsorption and moderate surface charge 
enhancement, whereas magnesium-rich brines hinder surfactant access. As a result, magnesium-rich brines 
slowed the transition toward water-wet conditions.

The observed variations in ζ potential also align closely with the differences in solid particle concentration 
within the emulsion phase, as discussed in Sect. 3.1. In systems where ζ potential was high, such as SW10d and 
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Ca²⁺-enriched brines, CTAB adsorption on calcite surfaces was promoted, which stabilized dispersed particles 
and reduced their migration into the oil phase. This resulted in fewer solid particles being detected in the 
emulsion, indicating stronger particle–surface attachment and more stable interfacial conditions. Conversely, in 
Mg²⁺-enriched systems, the lower ζ potential reflected limited CTAB adsorption due to strong ionic competition; 
as a result, more calcite particles detached into the emulsion, increasing particle concentration in the oil phase.

Sulfate ions had a distinctive impact on calcite surfaces. In SW10d.2SO₄ (36.5 mV) and SW10d.4SO₄ (31.6 
mV), SO₄²⁻ strongly adsorbed onto positively charged calcite, partially inverting the surface charge. At lower 
sulfate concentrations (SW10d.2SO₄), this allowed partial CTAB neutralization, producing a relatively higher ζ 
potential. At higher concentrations (SW10d.4SO₄), charge inversion dominated, reducing the ζ potential to its 
lowest value. Mechanistically, this demonstrates that anion adsorption can both facilitate surfactant alignment at 
the interface and reduce the net surface charge, thereby modifying particle behavior and interfacial interactions.

From a wettability perspective, sulfate enrichment increases the negative charge on calcite surfaces, 
which repels negatively charged oil components and enhances water–rock interactions, promoting water-wet 
conditions.

It should be noted that the measured ζ potential followed the order: SW10d (49.2 mV) > Ca²⁺-enriched 
brines (43.4–41.7 mV) > Mg²⁺-enriched brines (40.1–38.3 mV) > SW (34.9 mV) > SO₄²⁻-enriched brines (36.5–
31.6 mV). These trends are closely related to emulsion stability and wettability alteration: higher ζ potentials 
correspond to stronger CTAB adsorption, improved particle stabilization, and enhanced water-wet conditions, 
while lower ζ potentials indicate ionic competition or charge inversion, leading to reduced stabilization and 
increased solid detachment.

Contact angle
To investigate the combined influence of low salinity water and CTAB molecules on wettability modification, the 
rock’s contact angle was analyzed across multiple solutions. These measurements aimed to assess the interplay 
between surface interactions at the rock interface and their role in modifying wettability. For reliability, each test 
was repeated 3 times to confirm results consistency. the averaged contact angles can be seen in Fig. 9.

The contact angle results (Fig.  9) revealed clear differences in wettability depending on the brine 
composition. Magnesium-enriched systems gave the highest contact angles, with (SW10d.4Mg) reaching 44.5° 
and (SW10d.2Mg) at 43°, confirming a strongly oil-wet state. By contrast, sulfate-enriched systems displayed the 
lowest values, with (SW10d.4SO₄) at 32° and (SW10d.2SO₄) at 33.5°, while diluted seawater (SW10d) also gave a 
relatively low angle of 36°. SW sample showed a higher angle than these diluted or sulfate systems but remained 
below the Mg-rich cases, while calcium-enriched samples fell between the extremes, with (SW10d.4Ca) at 
40° and (SW10d.2Ca) at 38.5°. These data confirm that brine composition controls the extent of wettability 
alteration, with Mg²⁺ preserving oil-wetness and SO₄²⁻ promoting strong water-wetness.

In SW10d, the ζ potential reached its highest value (49.2 mV), showing strong electrostatic repulsion and 
stable particle–surface attachment. This condition promoted CTAB adsorption on calcite and limited asphaltene 
deposition, which reduced the release of calcite particles into the emulsion. The resulting interfacial stability was 

Fig. 8.  Zeta potential of dispersed calcite particles in various brine and CTAB solutions.
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reflected in the relatively small contact angle (37° in Fig. 9), indicating enhanced water-wetness compared to SW 
(34.9 mV, contact angle slightly higher).

However, magnesium-rich systems produced lower ζ potentials (38.3–40.1 mV), where strong ionic 
competition between Mg²⁺ and CTAB limited surfactant adsorption. At the same time, Mg²⁺’s high charge 
density enabled cationic bridging with negatively charged asphaltenes, which destabilized the calcite surface. 
This promoted particle detachment into the emulsion and resulted in the largest contact angles, up to 44.5° in 
Fig. 9. These values confirm that Mg²⁺ resists wettability alteration and favors oil-wet states.

Calcium behaved more moderately. Although Ca²⁺ compressed the EDL and competed with CTAB, its larger 
hydrated radius and lower charge density caused less disruption than Mg²⁺. Zeta potentials remained relatively 
higher (41.7–43.4 mV), allowing CTAB to adsorb more effectively and displace Ca²⁺–asphaltene complexes. This 
stabilized particle attachment and limited migration into emulsions. The result was intermediate contact angles 
(38–39° in Figs. 9 and 10), reflecting a partial shift toward water-wetness.

Sulfate systems introduced a different mechanism. Their ζ potentials dropped to the lowest values (31.6–
36.5 mV) due to charge inversion caused by SO₄²⁻ adsorption. This created negatively charged calcite surfaces 
that repelled polar asphaltenes, weakening their attachment. At the same time, SO₄²⁻ did not directly compete 
with CTAB, enabling the surfactant to adsorb efficiently and form a hydrophilic interfacial layer. As a result, 
sulfate brines showed the lowest contact angles (32–33.5° in Figs. 9 and 10), representing the strongest water-wet 
conditions among all brines. The schematic illustrating the wettability alteration and surface charge changes for 
each sample is shown in Fig. 10.

As shown in Fig. 10, when the synergistic (Mg²⁺ + CTAB) sample was used, the calcite surface became partially 
water-wet, primarily due to magnesium occupying the surface rather than the accumulation of CTAB molecules. 
Conversely, the (Ca2+ + CTAB) and (SO₄²⁻ + CTAB) showed a higher accumulation of CTAB molecules on the 
surface compared to (Mg²⁺ + CTAB), particularly in the (SO₄²⁻ + CTAB) sample.

In the (SO₄²⁻ + CTAB) sample, the simultaneous presence of sulfate ions and CTAB molecules on the calcite 
surface not only reduced the zeta potential but also enhanced the accumulation of CTAB. The negative charge 
of the sulfate ions facilitated this increased CTAB accumulation, resulting in a more pronounced change in the 
contact angle. This observation aligns well with the contact angle measurements shown in Fig. 9.

When calcium was used (Ca2+ + CTAB), there was less competition between Ca²⁺ ions and CTAB molecules 
for adsorption sites, allowing more CTAB molecules to attach to the surface. This led to a greater reduction in 
the contact angle compared to the (Mg²⁺ + CTAB) sample.

The FTIR results (Table 5) further support these observations. The ALI of crude oil was 0.443, but it declined 
across all aged oils, with the lowest value in Mg-rich systems (0.193 in SW10d.4Mg). This depletion of aliphatic 
chains corresponds to the low ζ potentials and high contact angles seen in Fig.  9, confirming magnesium’s 
strong impact on polar aliphatic groups. Calcium produced intermediate ALI values (0.259 in SW10d.4Ca), 
consistent with its moderate ζ potentials and intermediate contact angles. Sulfate systems retained higher ALI 
(0.330 in SW10d.4SO₄) but exhibited the sharpest decline in the Long Chain Index (LCI, from 0.402 in crude oil 

Fig. 9.  Contact angle measurements on calcite surfaces after exposure to different ion-surfactant solutions.
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to 0.232). This suggests sulfate preferentially mobilizes long-chain hydrocarbons while leaving aromatic groups 
more intact, as indicated by relatively high PA (0.629–0.693) and ARO (0.469–0.483) values. These preserved 
aromatic fractions explain why sulfate systems maintained strong CTAB performance and the lowest contact 
angles (33–34° in Fig. 9).

SW and SW10d samples showed moderate reductions in FTIR indices compared with ion-enriched systems. 
For instance, aged oil in SW retained ALI = 0.241, PA = 0.450, and ARO = 0.375. The higher ζ potential of calcite 
particles in SW10d (49.2 mV) promoted CTAB adsorption, limited particle detachment into emulsions, and 
reduced the contact angle to 36° (Fig.  9) compared with standard SW. These results indicate that dilution 
primarily modifies electrostatic conditions and reduces cation competition, improving wettability without 
inducing the extensive compositional changes observed in ion-enriched brines.

Conclusions
This research introduced a novel methodology for managing the challenging emulsions formed during low salinity 
water flooding in carbonate reservoirs. The key finding is that combining sulfate-rich brines with the cationic 
surfactant CTAB creates the synergy for enhancing oil recovery. This combination produces stable emulsions, 
lowers interfacial tension, maintains favorable surface charges, and improves wettability, outperforming brines 
enriched with magnesium or calcium. The supporting evidence from various analyses is as follows:

	(1)	 Sulfate-rich brines produced the most stable emulsions, trapping the highest volume of oil. On the other 
hand, magnesium-enriched brines promoted rapid formation of rigid asphaltene complexes. This caused 
fast separation and high solid content, which improved formation damage.

	(2)	 The simultaneous presence of sulfate ions and CTAB resulted in the lowest interfacial tension (IFT) values. 
This enabled CTAB to dominate the interface and form flexible films that facilitate oil droplet mobility. In 
contrast, magnesium and calcium ions competed with CTAB, promoting the formation of rigid asphaltene 
films. This led to the highest interfacial tension (IFT) and hindered oil displacement.

	(3)	 Zeta potential analysis of the aged oils showed that magnesium and calcium ions reduced negatively charged 
asphaltene molecules in the oil phase, neutralizing the oil’s surface charge. This reduction in electrostatic 
repulsion made emulsions less stable. Sulfate-rich brines, however, helped the oil retain its natural negative 
charge, leading to stronger repulsive forces between droplets and more stable emulsion systems that are 
beneficial for oil recovery.

	(4)	 SARA analysis showed that asphaltenes were the main fraction of the oil involved in emulsion interactions, 
contributing more than other components, especially resins.

	(5)	 FTIR analysis showed that various functional groups contributed to the interfacial interactions and phe-
nomena. In magnesium-rich brines, polar asphaltenes were strongly depleted from the oil bulk (ALI = 0.193, 
PA = 0.365, ARO = 0.303), confirming their role in forming rigid solid complexes at the interface. In con-
trast, sulfate-enriched brines preserved a higher fraction of polar asphaltenes (PA = 0.693, ARO = 0.484) 
while selectively mobilizing less-polar asphaltenes (LCI = 0.232), supporting enhanced surfactant activity, 
lower interfacial tension (IFT), and more stable emulsions.

Fig. 10.  Schematic illustration of wettability alteration of the calcite surface via the synergistic effect of (a) 
(Mg²⁺ + CTAB), (b) (Ca²⁺ + CTAB), and (c) (SO₄²⁻ + CTAB).
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	(6)	 High positive zeta potentials and low contact angles in sulfate and diluted brines confirmed the effective ac-
cumulation of CTAB on calcite, rendering the surface strongly water-wet. However, magnesium-rich brines 
maintained oil-wet conditions, which explains their poor oil recovery performance.

Data availability
All data generated or analyzed during this study are included in this manuscript.
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